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EXECUTIVE SUMMARY 

The Scope of this Report 

On behalf of ScottishPower UK Division (SP), NERA was asked to appraise the transmission 
charging methodology (TCM) proposed by National Grid Company (NGC) for 
implementation under the new British Electricity Trading and Transmission Arrangements 
(BETTA).  Our appraisal covers the proposals1 published by NGC in April 2004 (the “April 
TCM”), although we also took into account earlier publications by NGC on this subject.2 

NGC’s April TCM extends the TCM used currently in England and Wales (the E&W TCM), 
to cover the whole of Great Britain.  The current E&W TCM sets transmission network use of 
system (TNUOS) charges that vary depending on the location of connection to the system.  
For instance, a power station in the north of England pays a higher TNUOS charge than a 
power station in the south of England.  NGC justifies this difference in charges by reference 
to a notional future cost of expanding the system to meet additional requirements – 
sometimes called the “incremental cost” - rather than by reference to actual costs. 

In contrast, transmission use of system (TUOS) charges in Scotland are uniform within each 
of the respective control areas of SP Transmission Ltd (SPT) and Scottish Hydro-Electric 
Transmission Ltd (SHETL).  Each transmission company’s charge reflects the average 
accounting cost of providing transmission services, as defined by the regulator, Ofgem.  The 
single biggest change to transmission charges resulting from implementation of the April 
TCM would therefore be the introduction into Scotland of locational signals calculated on 
the basis of “GB-wide” incremental costs. 

NGC made some significant amendments to the E&W TCM for 2004-05, after a review in 
2003 (the “2003 Charging Review”).  During that review, NGC consulted the electricity 
industry on the merits of the proposed changes.  However, the scope of this earlier 
consultation explicitly excluded “GB-wide” impacts.   

Main Findings 

We appraised the April TCM against six criteria, including the objectivity and stability of the 
charging method and the efficiency of the decision-making that is likely to result from its 
implementation.   We compared the charges produced by the April TCM to the charges 
borne by network users under the current TCMs, by calculating (1) the effect on profits of 

                                                      

1  NGC (2004a), GB Transmission Charging: Initial Methodologies Consultation, NGC, 8th April 2004. 
2  The April TCM comprised two alternative scenarios. In scenario A it is assumed that any expansion of the 

transmission system would be achieved by means of additional transmission lines at 400 kV.  In scenario B it is 
assumed that additional transmission will be constructed at 132, 275 or 400 kV, depending on the voltage of the 
existing network.  In this Executive Summary the phrase April TCM refers to both scenarios unless indicated 
otherwise. 
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network users in different parts of GB; (2) the share of revenues recovered from different 
network users, and (3) the locational differentials in TUOS charges.  In each respect, we 
found that the proposals would make generators located in Scotland substantially worse off, 
whilst slightly improving the position of generators in England and Wales.  Whilst Scottish 
generation capacity represents 13% of the total in Great Britain, its share of total revenues 
from TNUOS would be either 41% (Scenario A) or 58% (Scenario B) under the April TCM. 

We appraised the objectivity and stability of the assumptions and method by which NGC 
proposes to calculate charges under the April TCM.   

Objectivity 

We found that many such assumptions lacked any objective justification, specifically: 

• The “Direct Current Load Flow model” at the heart of the TCM, which identifies the 
incremental power flows over the network in megawatt-kilometres (MWkm) caused 
by network users at each connection point, but which remains a black box, as far as 
anyone but NGC is concerned; 

• The “expansion constant” and “expansion factors”, which define the cost of these 
power flows in £ per MWkm, overstate costs by ignoring the potential for low-cost 
methods of adding transmission capacity that NGC has used extensively in the past; 

• The identification of spare capacity, which NGC applies in its current TCM, but has 
abandoned for the April TCM, without giving any good reasons (other than the 
supposed difficulty of doing so on the Scottish networks); 

• The treatment of “decremental costs”, i.e. NGC’s assumptions overstate cost savings 
from reducing usage, when transmission capacity is or will become spare (something 
that NGC’s model no longer recognises); 

• The treatment of less reliable energy sources (primarily wind power, but also 
potentially hydro power affected by the amount of rainfall), where NGC’s decision to 
recognise their full capacity also creates a false impression of network utilisation and 
understates the degree of spare capacity; 

• The costs of system security, for which NGC scales-up incremental costs, as though 
it also has a “locational” element, whilst also stating that “Users on all parts of the 
network benefit from the security standards that are applied to the whole network”;3 
and finally 

• The conversion of estimated costs for each “node” of the network into an average 
charge for a “zone” covering several nodes, which gives NGC considerable 

                                                      

3  NGC (2004a), paragraph 5 page 39. 
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discretion over the definition of boundaries between zones (and hence the charges 
applicable at a particular node), both in any given year and from one year to the next. 

Stability 

The subjective nature of the assumptions and methods used by NGC are a source of 
potential instability, particularly in locations distant from the load centre, where variations 
in these subjective assumptions have a disproportionate impact on the level of charges.  This 
instability makes investors less willing to commit funds to new generation capacity, which 
raises the cost of new investment and reduces security of supply. 

Efficiency 

We conclude that NGC’s model tends to overstate the “locational” element of its charges 
(relative to the flat-rate charges needed to recover NGC’s total revenue allowance), with the 
result that transmission charges in the north of GB are higher and less stable than would be 
efficient.   

The lack of objectivity and stability in NGC’s proposed method raises strong doubts about 
the effectiveness of any incentives to locate new generation capacity.  Since generators (and 
end-users) cannot fix the transmission charges on offer today, they are exposed to the risk 
that NGC will unpredictably change its charges in the future.  Investors would therefore be 
unwise to react to the signals present in today’s charges, and will either diversify their 
investments (to spread their risks) or concentrate their investments in the central regions 
(where potential variation in future charges is lowest).  This type of reaction undermines the 
incentives inherent in NGC’s proposed charges and means that the differential impact on 
certain network users is not economically justifiable.  Further, the unhedgeable nature of 
these risks could significantly raise the cost of capital for the industry and hence prices to 
end-users. 

Recommended Adjustments to the April TCM 

Where NGC’s input assumptions lack an objective source or justification, we have 
recommended that NGC either use a different figure or provide an objective explanation of 
the current one.  This applies particularly to the expansion constant and expansion factors, 
which determine the incremental costs of network usage that distinguish charges between 
different parts of the country.  Indeed, based on the available evidence, we conclude that the 
expansion constant should be around 35%-40% lower than NGC assumed in the April TCM.    

We also recommend that NGC give further consideration to the desirability of mitigating the 
“tariff shock” caused by switching to the April TCM.  We set out some ways to protect 
existing users against this unpredictable and unnecessary effect, whilst retaining the 
desirable incentives within the locational elements of future TUOS charges.  
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1. INTRODUCTION 

1.1. Background 

The British Electricity Trading and Transmission Arrangements (BETTA) will apply 
common arrangements for trading and transmitting electricity throughout Great Britain, 
thereby removing any remaining differences between the arrangements in Scotland and 
those in England and Wales (E&W).   

In preparation for BETTA, NGC has published a proposed transmission charging method 
(The “April TCM”) which would effectively extend into Scotland the method NGC currently 
uses in E&W.4  The key difference between NGC’s current method and those used by the 
Scottish transmission companies is that NGC’s charges depend on the location at which a 
network user injects or withdraws power, whereas the Scottish companies’ charges are 
uniform within their respective control areas.5  The implementation of NGC’s proposal 
would change the basis and level of transmission charges for many network users, 
particularly those in Scotland.  On behalf of ScottishPower UK Division (SP), Shepherd and 
Wedderburn asked NERA to appraise NGC’s proposed transmission charging method.   

1.2. Instructions 

Our instructions were as follows: 

(1) Develop a framework for the assessment of a TCM on the basis, inter alia, of the 
following criteria (These factors are for illustrative purposes only and are not 
intended to limit the analysis.): 

• the level of charges imposed: 

- overall; 

- on network users in particular geographic zones; 

- on end users of electricity in particular geographic zones; 

• the stability of the charges imposed: 

- overall; 

- on network users in particular geographic zones; 

- on end users of electricity in particular geographic zones; 

                                                      

4  NGC (2004a), GB Transmission Charging: Initial Methodologies Consultation, NGC, 8 April 2004. 
5  In this report the term “network users” refers to licensed generators and licensed suppliers, who are the market 

participants that are liable for transmission use-of-system charges. 
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• the extent to which charges reflect actual costs, including the risks of charges 
exceeding actual realised costs; 

• more generally, the efficiency of the locational signals generated by a TCM as 
judged by the efficiency of the decisions that are likely to be taken on the 
basis of those signals concerning, for example: 

- the construction of new electricity generating capacity; and 

- the closure of generating capacity; and 

• the extent to which your analysis would be affected by taking into account 
avoided Anglo-Scottish interconnector charges which may otherwise be 
payable by Scottish generators in the absence of BETTA. 

(2) Apply the framework developed in 1 to: 

• the methodologies currently in place across GB; and 

• the April TCM. 

(3) Provide a description of potential alternatives or adjustments to the April TCM to 
address any defects identified and also an overview of the systems used in each of 
the other Member States of the European Union. 

(4) Draw any other conclusions from the above analysis. 

1.3. Outline of Report 

We begin this report by describing the transmission charging methods currently in 
operation in Great Britain (section 2).  Section 3 describes the “April TCM”, by identifying 
the key differences between it and NGC’s current method for England and Wales.  We then 
draw up a six-point assessment framework for assessing and evaluating the impacts of any 
transmission charging method (section 4), and apply it in the subsequent chapters. 

Section 5 then applies the first four assessment criteria, which measure the impact of NGC’s 
proposed April TCM.  Section 6 evaluates the objectivity and stability of the April TCM.  
Section 7 identifies the ways in which the April TCM is likely to affect efficiency within the 
electricity sector.   

Finally, Section 8 presents an Alternative TCM that remedies the flaws in the April TCM 
which we identify in this report. 

1.4. Glossary of Terms 

The following terms appear frequently in this report and are replaced where appropriate by 
abbreviations. 
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AC - Alternating Current describes a power system which delivers energy as an oscillating 
power flow, cycling 50 times per second in the UK and the rest of Europe.  

April TCM – The Transmission Charging Methodology proposed by NGC in its April 
consultation document, incorporating two versions known as “Scenario A” and “Scenario 
B”.  Scenario A uses a single expansion factor (qv), whilst Scenario B uses Multi-voltage 
Expansion Factors or MVEFs (qv). 

Avoidable costs - the costs that would be avoided if a firm or individual chose not to carry 
out some activity.  Avoidable costs may be “variable” (i.e. directly related to the level of 
output) or “fixed” (i.e. necessary to maintain a production facility in operation, but 
unrelated to the level of output).   

BETTA - The British Electricity Trading and Transmission Arrangements is the framework 
for introducing common wholesale electricity trading and transmission arrangements 
throughout Great Britain. 

DC - Direct Current describes a power system that delivers energy as a steady power flow.  

DCLF - A DC Loadflow (DCLF) model estimates power flows over transmission lines 
assuming that the transmission system operates with Direct Current (qv) and avoids the 
complications of Alternating Current (qv).  

DUOS charges - Distribution Use of System charges are charges relating to shared assets in 
the low voltage, or “distribution”, network. 

Expansion constant – A figure of £9.51/MWkm, adopted by NGC as the baseline for 
estimating the incremental cost of investing in new transmission capacity, or replacing 
existing capacity, on a 400kV line. 

Expansion factor – A set of multiplicative factors ranging upwards from 1, adopted by NGC 
to represent the ratios between (a) the incremental cost of transmission capacity at a variety 
of voltages, both overhead and underground, and (b) the expansion constant (qv). 

GAV - Gross Asset Value is the initial cost of an asset, in some cases revalued or indexed to 
allow for inflation, but before applying any depreciation.  

GBSO - The Great Britain System Operator is the party responsible for operation of the 
transmission system under BETTA (qv). 

ICRP - Investment Cost Related Pricing is a Transmission Charging Methodology or TCM 
(qv) that NGC uses to estimate the marginal investment cost of adding a megawatt of new 
generation at each node in the system.  
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kW, MW, GW - kilowatts, megawatts (=1000 kW) and gigawatts (=1000 MW) measure the 
rate at which energy is flowing. 

kWh, MWh, GWh, TWh – kilowatt-hours, megawatt-hours (=1000 kWh) gigawatt-hours 
(=1000 MWh) and Terawatt-hours (=1000 GWh) measure the amount of energy provided 
over a certain period.  

Locational Security Factor – A scaling factor applied to the incremental costs derived from 
NGC’s DCLF model (qv), which increases the locational element of transmission charges to 
account for additional (unspecified) costs of providing a secure network.  

Marginal, Incremental, Decremental – “Marginal” is a term commonly used in economics to 
describe any effects (such as a change in costs or revenues) associated with a small change in 
conditions.  The terms “incremental” and “decremental” are sometimes used to describe the 
effects of larger, discrete changes in conditions, involving respectively an increase or a 
reduction in some variable. 

Megawatt-kilometre (MWkm) – a measurement of transmission capacity, sufficient to 
transmit a MW of power for one kilometre. 

MVEFs  - Multi-Voltage Expansion Factors are expansion factors (qv) in the TCM (qv) when 
NGC chooses to identify separate costs of expanding transmission capacity for lines 
operated at different voltages. 

NETA - The New Electricity Trading Arrangements are the market rules for trading 
wholesale electricity that replaced the Electricity Pool of England and Wales in 2001.   

Network users – the parties who pay transmission charges for using the transmission 
network, which (in Great Britain at least) consist of generators connected to the transmission 
network and suppliers (qv) taking power off the transmission network. 

Negative demand charges – In some instances, NGC’s TCM (qv) produces transmission 
charges for demand that are negative numbers, which would involve NGC paying money to 
(rather than receiving money from) network users who take power from the network. 

NGC - The National Grid Company is the transmission system operator in England and 
Wales and the initial Great Britain System Operator (GBSO). 

Node – Any point at which power is injected or withdrawn from the transmission network 
(e.g., a generating station, or a distribution company’s bulk supply point), or indeed any 
point in the transmission network at which two or more electrical circuits meet. 

Ofgem - The Office of Gas and Electricity Markets is the government agency responsible for 
economic regulation of markets and networks in the electricity and gas sectors of Great 
Britain.  
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Peripheral zones – In the context of this report, this phrase refers to zones located furthest 
from the main centres of load on the transmission network.  In current conditions, Scottish 
zones, and particularly northern Scottish zones, fall into this category. 

QB – Quad Boosters are pieces of equipment that direct power to flow over an AC 
transmission network in a particular way. 

SHETL - Scottish Hydro Electric Transmission Ltd is the subsidiary of the Scottish and 
Southern Energy Group that provides transmission services on the northern Scottish 
network. 

Spare Capacity Factor – A discount applied to the length in km of particular lines in NGC’s 
DCLF model (qv), which decreases the incremental costs (and hence the locational element 
of transmission charges) associated with lines that have spare capacity and that will not 
require investment for small increases in usage.  

SPT - SP Transmission Ltd is the subsidiary of Scottish Power UK plc that provides 
transmission services on the southern Scottish network. 

Suppliers – In the electricity industry suppliers are licensed entities who are permitted to sell 
power in the retail market to end-users.  Thus, all references to “suppliers” refer to licensed 
entities that buy power from the wholesale electricity market (or take it from their affiliated 
generation businesses) for resale to end-users. 

SVCs - Static Variable Compensation is equipment which controls the condition of power 
within the transmission network, allowing greater flows over some lines. 

TCM - The Transmission Charging Method used for calculating transmission charges. 

TNUOS Charges - Transmission Network Use of System Charges are a component of NGC’s 
transmission charges, covering the costs of the shared transmission network, but excluding 
certain operating costs which are recovered through NGC’s other charges. 

TUOS Charges – Transmission Use of System Charges is the general term for transmission 
charges covering the cost of those assets which are part of the transmission network and 
which are shared between at least two users.  SPT and SHETL use this term to describe their 
charges.   

UOS Charges – Use of System Charges is the term applied to all networks whether operating 
at high voltage (Transmission) or low voltage (Distribution), to describe charges for use of 
assets shared between at least two users. 

Zones – Geographic areas defined by NGC, within which network users pay one common 
TUOS charge.  NGC defines different zones for generation and demand. 
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2. CURRENT TRANSMISSION CHARGING METHODS 

Three companies operate transmission networks in Great Britain: the National Grid 
Company (NGC, a subsidiary of National Grid Transco plc), SP Transmission (SPT, a 
subsidiary of ScottishPower plc) and Scottish Hydro-Electric Transmission Ltd (SHETL, a 
subsidiary of Scottish & Southern Energy plc).  This section provides a brief explanation of 
the transmission charging methodologies (TCMs) currently being applied by NGC, SPT and 
SHETL.  Their TCMs have some common elements, but differ in important respects. 

In Britain, transmission charges comprise two main components: connection charges and 
Use Of System (UOS) charges.  Both charges cover the cost of building and maintaining a set 
of assets but they cover different types of assets.  Connection charges cover the cost of assets 
connecting users to the transmission network; such assets are defined by the fact they are 
dedicated to the needs of a single user or an identifiable sub-set of users.  UOS charges apply 
to the shared assets that make up the general transmission network, where usage cannot be 
attributed to a single user or a defined sub-set of users.  The transmission companies often 
refer to their network charges as “Transmission Use of System” (TUOS) charges, to 
distinguish them from the “Distribution Use of System” (DUOS) charges of lower voltage 
distribution networks. NGC refers to its charges as “Transmission Network Use of System” 
(TNUOS) charges to distinguish them from other charges for use of the transmission system.  
Below, we refer to “TUOS” charges, except when discussing NGC’s specific “TNUOS” 
charges as currently applied in England and Wales.6 

2.1. NGC Transmission Charges 

NGC introduced major changes to its TNUOS and connection charging methodologies in 
April 2004, following the 2003 Charging Review.7 In respect of TNUOS charges, the review 
resulted in the introduction of a new model of incremental transmission costs, the adoption 
of a locational security factor, modifications to the expansion constant (e.g. introduction of 
multi-voltage expansion factors), and the potential for annual revisions to the definition of 
generation zones (which were previously fixed for the duration of NGC’s price control 
period, i.e. three to four years).8  In respect of connection charges, the review introduced the 
“Plugs” approach, which limits the coverage of connection charges to assets solely used by 
one, identifiable user.9  This new approach shifted assets formerly classed as “connection 
assets” into the transmission network, and so reduced the revenue from connection charges 

                                                      

6  NGC also levies a third kind of transmission charge known as BSUOS (Balancing Services UOS) charge, which 
covers the costs NGC incurs in balancing generation and demand on its network.  This charge is non-locational, 
and NGC does not propose to modify the methodology it uses to compute BSUOS under BETTA, other than 
extending its scope to include Scotland.  We do not consider it any further in this report. 

7  NGC (2003a), National Grid Charging Review: Initial Charging Methodologies Consultation, July 2003 
8  These changes were implemented in modification UoSCM-M-10. 
9  These changes were implemented in modification CCM-M-07. 
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and increased the revenue from TNUOS charges.  The consultation that preceded these 
changes explicitly excluded consideration of the effect they would have within a wider GB 
market.10 

These changes mean that TNUOS charges for 2004-05 are not directly comparable with those 
for previous years. 

2.1.1. Use of System 

NGC’s transmission licence, issued under the Electricity Act 1989, sets out NGC’s 
obligations with regard to its charges.11  NGC calculates TNUOS charges using a TCM 
known as Investment Cost Related Pricing (ICRP) based on a DC Loadflow (DCLF) model.  
This model approximately forecasts peak-time flows over the network, ignoring the 
complications arising out of the fact that the GB transmission network is an AC system. The 
TCM estimates the marginal investment cost of adding a megawatt of new capacity at each 
node in the transmission network, based on the resulting “load flows” (flows of power) over 
the transmission network.  NGC then defines ‘zones’ and compiles a zonal charge as the 
average of incremental costs assigned to nodes within each zone.   

The model contains data on generation capacity currently connected to the network and 
forecast peak-time demand at different locations, as well as the characteristics of the 
transmission network linking generation to demand (e.g. the amount of spare capacity in the 
system).  The DCLF model then forecasts the way power will flow from generation12 to 
demand.  It then adds an extra 1 MW (megawatt) of generation at each node, one by one, 
and estimates how this additional injection of power will flow over the system to meet an 
offsetting increase in demand.13  NGC converts these additional power flows into a 
requirement for investment on transmission lines, in terms of megawatt-kilometres (MWkm) 

                                                      

10  SP’s response to the consultation on the 2004 TCM for E&W argues against the introduction of major changes for 
E&W without considering their impact within a GB context, but NGC’s remit was limited at that time to concerns 
affecting E&W.  

11  Sections C7, C7A and C7D of the “Electricity Transmission Licence: Standard Conditions” set out NGC’s 
obligations with respect to use of system charges.  Section C7 obliges NGC to keep its tariff methodology under 
constant review and to adopt changes that fulfil “relevant objectives” defined primarily in terms of facilitating 
competition in the generation, supply, distribution, sale and purchase of electricity.  Section C.7A.5 states: “In 
paragraphs 1, 2 and 3 ‘the relevant objectives’ shall mean the following objectives: (a) that compliance with the use 
of system charging methodology facilitates effective competition in the generation and supply of electricity and (so 
far as is consistent therewith) facilitates competition in the sale, distribution and purchase of electricity; (b) that 
compliance with the use of system charging methodology results in charges which reflect, as far as is reasonably 
practicable, the costs incurred by the licensee in its transmission business; and (c) that, so far as is consistent with 
sub-paragraphs (a) and (b), the use of system charging methodology, as far as is reasonably practicable, properly 
takes account of the developments in the licensee’s transmission business.” 

12  To ensure that power injected from generation capacity matches forecast demand, NGC multiplies all generation 
capacity by a constant factor . 

13  In the past, NGC assumed that additional generation would flow to all nodes of the network in proportion to 
demand at those nodes.  The latest version assumes all the additional generation is offset by an increase in demand 
at one “reference node” (Pelham Grid Supply Point).  See NGC (2004b) The Statement of the Use of System Charging 
Methodology: Effective from 1 April 2004, para 2.10. 
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of additional transmission capacity.  For lines deemed to have spare capacity, NGC 
discounts the amount of additional transmission capacity by a “Spare Capacity Factor”, 
currently set at 75%.  Where the additional power flow runs against the previous direction of 
flow, the model assigns it a negative value, equivalent to a reduction in transmission 
capacity.  NGC then assigns an “expansion factor” defined in £ per MWkm to each of these 
MWkm, to derive an “incremental cost” of transmission capacity for each node.  If the 
additional transmission capacity is positive/negative, it will result in a positive/negative 
incremental cost. 

To convert these incremental costs into TNUOS charges, NGC defines a number of zones 
(currently 15 for generation and 12 for demand) and assigns each node to a zone.  NGC first 
calculates the average incremental cost for all nodes within each zone and then adds a 
uniform mark-up to bring charges up to the level necessary to recover its total allowed 
revenue.  A different mark-up applies to charges for generation and charges for demand, in 
order to achieve a predefined split between total revenues from generation and total 
revenues from demand.  Some of the resulting charges will be negative, specifically in zones 
where negative incremental costs more than offset the positive uniform mark-up.  The 
energy regulator, Ofgem, sets the formula that defines NGC’s total allowed revenue and 
updates it every three to four years. 

NGC sets separate TNUOS charges for generation and demand.  Both sets of TNUOS charge 
vary by location.  For example, generation TNUOS charges for 2004-05 are £9.01/kW in the 
“Northern” generation charging zone, but minus £6.60/kW in the “Central and SW London” 
zone, and are generally higher in the North than in the South.14  Generators pay TNUOS 
charges according to “forecast chargeable capacity”, i.e. the maximum level of output that 
the generator can produce in the coming year.15   

Demand TNUOS charges are £16.76/kW in the “London” demand charging zone, but only 
£4.94/kW in the “Northern” zone, and are generally higher in the South than in the North.16  
NGC levies these demand TNUOS charges on “suppliers”, i.e. the licensed retail businesses 
that buy wholesale electricity and sell it to end-users.  The charge applies to the total 
demand of each supplier’s customers within each zone during the three half-hourly periods 
when total demand is highest on the transmission network as a whole (known as the 
“triad”17).   

In 2002 NGC introduced a second type of charge on suppliers, the “energy consumption 
tariff”.  Under this tariff, NGC levies a TUOS charge on the energy consumption of a 
                                                      

14  NGC (2004b) The Statement of Use of System Charges: Effective from 1 April 2004. 
15  Forecast chargeable capacity is the highest Transmission Entry Capacity (TEC) applicable to that power station in 

the twelve month period starting on the 1st April each year. 
16  NGC (2004b). 
17  Triad demand is the average user demand during the three half-hours of system peak demand over the financial 

year, subject to a condition that the three half-hours must be separated from each other by at least 10 days.   
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supplier’s customers between the hours of 16:00 and 19:00 every day.  In 2004-05 this charge 
varied between 0.66 pence/kWh in the North and 2.43 pence/kWh in London.   

Appendix A shows NGC’s current TNUOS charges for generation and demand, together 
with maps showing the charging zones used by NGC. 

2.1.2. Connection charges 

Under condition C7.B of its transmission licence, NGC is obliged to set connection charges 
covering (a) “costs directly or indirectly incurred” in building, reinforcing, maintaining or 
removing connection assets and (b) “a reasonable rate of return on the capital represented 
by such costs”.   

NGC calculates these costs in two parts: a non-capital component and a capital component.  
The capital component is based on the Gross Asset Value (GAV) of the connection asset 
calculated at the time of installation and updated either by the Retail Price Index or by a 
formula for the “modern equivalent asset value”.  The non-capital component includes a 
site-specific maintenance cost based on actual costs incurred in the relevant year, and a 
charge for transmission “running costs” based on the Gross Asset Value.18 

The calculation of a connection charge would be based on its GAV and a number of other 
factors.  For example, an asset with a GAV of £3,000,000 on 1 April 2004 would incur a 
connection charge of over £300,000 in the first year, falling to £270,000 after 10 years.19 

2.2. SPT & SHETL Transmission Charges 

SPT’s and SHETL’s obligations with regard to their charges are set out in their respective 
transmission licences, issued under the Electricity Act 1989.20  Both SPT and SHETL apply 
four separate transmission charges: two types of TUOS charge (a system service charge and 
an infrastructure charge) and two types of connection charge (entry charge and exit charge).  
Both providers define these charges in the same way: 

• System service charge: this charge relates to the provision of a “core network”21 and is 
applied only to demand.  

• Infrastructure charge: this charge relates to the provision of the remaining 
transmission network assets, which are deemed to provide “firm transfer capacity” 
between transmission system entry and exit points.  The charge applies to all 

                                                      

18  NGC (2004b). 
19  NGC (2004b), Appendix 2, Example 1. 
20  Sections D8 and D8A of the “Electricity Transmission Licence: Standard Conditions” set out SPT’s and SHETL’s 

obligations with respect to use of system charges.   
21  The detailed definition of a “core network” is not published. 
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connected generation capacity, all connected distribution and supply networks and 
all end-users who are connected directly to the transmission system.   

• Entry charges: this charge is payable by specific generators at specific locations to 
cover the costs of assets necessary to connect and accept generation on to the 
transmission system.   

• Exit charges: this charge covers the costs of assets associated with connections to 
distribution and supply networks and certain customers with premises directly 
supplied from the transmission system.  

In contrast to NGC’s charges, SPT’s and SHETL’s charges are uniform within their respective 
control areas.  The actual charges are shown in Table 2.1. 

Table 2.1 
TUOS Charges in Scotland (2004-05) 

Type of Charge SPT SHETL
Generation Demand Generation Demand

Entry Charge £12.67 /kW* £5.52 /kW
Infrastructure Charge £2.16 /kW £2.48 /kVA £5.22 /kW £6.1572 /kW
System Service Charge £3.61 /kVA £4.0115 /kW
Exit Charge £12.15 /kVA* £6.8656 /kW  

Items marked * indicate values for 2002/03.  Sources: (1) SPT figures: SP, June 2004, except items marked *, which are taken 
from SP Transmission and Distribution (2002), Statement of Charges for Use of the Transmission System and for 
Connection to the Transmission System, Charges applicable from 1 April 2002, Appendix 1; (2) SHETL figures: SHETL 
(2004) Statement of the Basis of Charges for Use of Scottish Hydro-Electric Transmission Limited’s Transmission System: 
2004 – 2005, Schedule 1. 

Generator transmission charges in Scotland relate to kW of connected capacity.  As in 
England and Wales, the charges for demand use a “triad” system of measuring demand at 
times of system peak.  SHETL measures demand in kW, whilst SPT uses kVA.22 

SHETL charges generators differently according to whether or not they first connected to the 
system before or after 1 April 2002.23  Generators connected to the transmission network 
before that date pay only the infrastructure charge and are exempt from the entry charge 
listed above.  Generators connecting to the transmission network after 1 April 2002 pay both 
charges. 

                                                      

22  In particular conditions a kilovolt-ampere (kVA) of power is the same as a kilo-watt (kW), but the two measures 
differ if the cycling of voltage gets out of phase with the cycling of current (amps).  The difference is accounted for 
by “reactive power”, a concept that can be ignored for the purposes of the current discussion. 

23  Scottish Hydro-Electric Transmission Limited (2004a), Statement of the Basis of Charges for Use of Scottish Hydro-
Electric Transmission Limited’s Transmission System: 2004 – 2005, Schedule 1. 
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2.3. Interconnector Charges 

Under the current trading arrangements, anyone who transmits power across the border 
between Scotland and England must pay charges for the use of the interconnector, in 
addition to normal capacity charges.  For example, a generator or supplier in Scotland 
exporting to England & Wales will pay four charges in addition to those identified above: 

• Scottish Cross-Border Exit Charge: a cross-border exit (demand) UOS charge payable to 
a Scottish transmission company for leaving the Scottish system; 

• Scottish Interconnector Capacity Charge: a UOS charge payable to a Scottish 
transmission company for the use of its post-vesting interconnector assets north of 
the border; 

• NGC Interconnector Capacity Charge: a UOS charge payable to NGC for the use of its 
post-vesting interconnector assets south of the border; and 

• NGC Cross-Border Entry Charge: a cross-border entry (generation) UOS charge 
payable to NGC for entering its transmission system. 

Table 2.2 shows the interconnector tariff payable by a Scottish generator or supplier using 
the interconnector to export from Scotland to England.   

Table 2.2 
Interconnector Tariffs 2004, £/kW24 

 SHETL/NGC SPT/NGC 
Cross-border exit charge 10.15 5.77 
Interconnector capacity charge 17.40 20.74 
Cross-border entry charge 9.01 9.01 
Total Charge 36.56 35.52 

 

2.4. Effect of Combined Charges (“Pancaking”) 

There are currently three system operators in Great Britain: NGC, SPT, and SHETL.  Each 
operator runs a separate section of the GB transmission system and applies separate charges 
for use of system, connection, entry, and exit.  This separation has led to “pancaking" of 
charges for cross border sales, whereby a network user’s decision to transmit power from 
Scotland to a customer in England incurs a number of additional transmission charges.  
(“Pancaking” refers to the accumulation of multiple “layers” of transmission charges.)  Table 
2.3 shows how transmission charges accumulate, so that transmission costs £8.57/kW when 

                                                      

24  Source: SP, June 2004. 
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a southern Scottish generator sells electricity to a customer in Edinburgh, but £49.35/kW 
when its customer is in London.  

Table 2.3 
Transmission Charges from a Generator in Southern Scotland to Edinburgh or London 

Basis for Charges Zone/Route Destination Notes
Edinburgh London

£/kW £/kW
Scotland

Infrastructure Charge - generation SPT network 2.16 2.16 (1)
Infrastructure Charge - demand SPT network 2.61 2.61 (2)
System Service Charge SPT network 3.80 3.80 (2)

8.57 8.57
Interconnector Cross-border lines 15.01 (3)
England and Wales

TNUOS Charge - generation Northern 9.01 (4)
TNUOS Charge - demand London 16.76 (4)

Total 'Pancaked' Charge 8.57 49.35  

Notes: (1) Source: SP.  (2) Source: SP. Figures differ from those in Table 2.1 due to conversion from £/kVA to £/kW, using a 
typical power factor.  (3) Source SP: Figure differs from that in Table 2.2 due to allowance for free access to pre-vesting(i.e. 
pre-1990) capacity. (4) Source: NGC (2004b). 

Under current tariffs, the total cost of these charges to interconnector users is approximately 
£63 million, assuming the interconnector is used to export power from Scotland to England 
at full capacity, as shown in Table 2.4.25 

Table 2.4 
Charges for Exporting Electricity from Scotland to England26 

Cross-border exit charge (SPT) 1472 MW @ £5.77/kW  =  £8.5m 

Cross-border exit charge (SHETL) 728 MW @ £10.15/kW =  £7.4m 

Cross-border entry charge (NGC) 2200 MW @ £9.01/kW = £19.8m 

Total entry and exit charges  = £35.7m 

Interconnector capacity charge (SPT/NGC) 1013 MW @ £20.74/kW = £21.0m 

Interconnector capacity charge (SHETL/NGC)   337 MW @ £17.4/kW =  £5.9m 

Total interconnector capacity charges  = £26.9m 

Total interconnector charges  =  £62.6m 

                                                      

25  Source: SP, June 2004. 
26  The cumulative interconnector capacity charges only apply to 1,350 MW of capacity because there is no charge for 

850 MW of pre-vesting (i.e. pre-1990) capacity of the interconnector. 
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2.5. Commentary 

The current TCMs provide the baseline against which we appraise other proposed TCMs to 
apply under the British Electricity Trading and Transmission Arrangements (BETTA).  
BETTA will introduce a single GB-wide set of arrangements for use of a single GB 
transmission system, including a single set of transmission charges.  This new model will 
remove the separate charges for use of the Scotland-England interconnector and hence any 
“pancaking” of transmission charges within Great Britain.   

Our instructions require us to take into account explicitly the payment of interconnector 
charges.  We understand that this requirement stems from uncertainty as to whether 
“pancaked” cross-border interconnector charges would be allowed to persist in the absence 
of BETTA.  We have therefore, whenever possible, defined the baseline with and without the 
current interconnector charges when assessing different TCMs.    
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3. NGC’S APRIL 2004 PROPOSAL FOR A GB-WIDE TCM 

For implementation of BETTA, NGC will be required by its licence to determine a TCM to be 
applied to the GB-wide system.  The DTI and Ofgem have jointly proposed that this GB 
TCM be based on the licence obligations currently in force on NGC with respect to its role as 
England and Wales system operator.   

In light of these requirements NGC has suggested that the new GB-wide TCM be broadly 
based on the current TCM for England and Wales.  However, NGC has proposed some 
changes to the current TCM to take into account the effect of increasing the scope of 
application. In this section, we outline the changes to the current TCM that NGC proposed 
in its April 2004 consultation document.  Given that these proposals may yet change, we will 
refer to this proposal as the “April TCM”.27   

3.1. Changes to the TUOS Charging Methodology28 

In the April 2004 consultation document, NGC consulted on two alternative TUOS charging 
methodologies for GB, which NGC has labelled “Scenario A: Single GB Expansion Factor” 
and “Scenario B: Multi-Voltage Expansion Factors”.  Both these methodologies envisage a 
number of changes to the TCM for TUOS charges, compared with that in operation in 
England and Wales in 2004/05. 

3.1.1. Changes to the Multi-Voltage Expansion Factor (MVEF) 

NGC currently assigns different incremental costs (“expansion factors”) to different lines, 
according to their voltage and whether they are overhead lines or underground cables.  
Scenario A would replace these Multi-Voltage Expansion Factors (MVEFs) with a single 
expansion factor for all voltages, whereas Scenario B would simply re-calibrate the multi-
voltage approach for application to GB.   NGC only introduced the multi-voltage approach 
in April 2004 (i.e. for prices applicable from 2004/05),29 and its April 2004 consultation 
document highlights a number of issues with the use of MVEFs on a GB-wide system, 
including possible negative impacts on its licence objective to facilitate competition.  As a 
result, NGC has not yet decided which expansion factors to use under BETTA.  

                                                      

27  In its April 2004 consultation document, NGC stated that it would publish Draft GB Transmission Charging 
Methodology Statements for further consultation in August 2004. 

28  NGC has not proposed any changes to its connection charging policy as part of its proposals for a GB-wide TCM.  
In the remainder of this report, we therefore only consider NGC’s connection charging policy to the extent that it is 
relevant to our appraisal of the effects of changes to the TUOS charging methodology. 

29  Under modification UoSCM-M-10. 
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3.1.2. Removal of circuits with spare capacity 

When calculating incremental costs in its DCLF model under the April TCM (Scenarios A 
and B), NGC proposes to remove the explicit adjustment for lines with spare capacity and 
instead to treat every line in the GB system as if it has no spare capacity.  NGC states30 that it 
would be “inappropriate” to account for spare capacity in a model with a single expansion 
factor, and that it would be difficult to identify spare capacity “on a consistent basis across 
GB at this time”.   NGC also claims that the impact of identifying circuits with spare capacity 
would be small, and does not merit undertaking such a “resource intensive” task.  

3.1.3. Adjustment for negative demand charges 

As explained in section 2.1.1, NGC’s DCLF model assigns negative incremental costs to 
some zones.  For demand zones within England and Wales, these negative incremental costs 
are offset by the positive uniform mark-up required to meet the revenue target.  However, 
on a GB-wide basis, incremental costs vary more widely between zones.  The April TCM 
produces some large negative incremental costs which would outweigh the uniform mark-
up required when revenues are split 25/75 between generation and demand, at least in 
Scenario B.  To avoid negative demand charges under Scenario B, NGC proposes to adjust 
the split of total revenues between generation and demand from its current level of 27/73, as 
necessary.  Under Scenario A no adjustment is needed to avoid negative demand charges. 

3.1.4. Parameter estimates 

In addition to these changes in methodology, NGC is proposing to re-estimate the value of a 
number of input parameters and assumptions, for use throughout Great Britain. 

3.2. Conclusion 

NGC’s April TCM represents the extension of its current TCM across GB and the abolition of 
separate TCMs for the Scottish transmission networks and the Scotland-England 
interconnector.  Indeed, the Scotland-England interconnector charges will disappear in the 
reform, with the lost revenue made up by increasing the uniform mark-up applied to all 
TUOS charges.  NGC has, however, reviewed its current TCM and is proposing to make a 
number of changes, for application solely within a GB-wide calculation.   

The next section describes our framework for assessing this proposed TCM. 

                                                      

30  NGC (2004a), p34. 
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4. ASSESSMENT FRAMEWORK 

In this section, we set out the framework for assessing a transmission charging method 
(TCM) against the standards referred to in our instructions.  We begin by describing the 
important features of the charges produced by the method and then move on to some 
economic standards that a TCM would have to meet.  Finally, we discuss how a TCM would 
affect economic efficiency.   

4.1. Criterion 1: Billing Determinants and Actual Charges 

The phrase “billing determinants” refers to the measurements or characteristics of a network 
user that determine that user’s bill for transmission services.  Potential billing determinants 
for transmission charges include: 

• the amount of network usage (measured in kWh of energy transmitted); 

• the  “size” of the network user (measured in kW of network usage at one time, or kW 
of connected capacity); 

• the location of the network user (which may affect the charge per kW or per kWh), or  

• the route from seller to buyer over the transmission grid (defined by reference to a 
“contract path” between their locations, or as the distance between their locations in 
kilometres).31 

The concepts of “contract path” or “distance transmitted” might seem to be an obvious basis 
for charges but in practice they tend be artificial constructs in electricity transmission, since 
electricity does not follow a simple route from A to B.  According to “Kirchoff’s laws”, 
electricity injected into a network at point A and withdrawn at point B will flow over a 
multitude of routes from A to B, with the total flow being split in inverse proportion to the 
electricity resistance along each route.  The “contract path” method of setting transmission 
charges does not usually take these laws into account, but instead defines a contractual route 
(e.g. the shortest direct route through the network) or distance (e.g. as the crow flies, or the 
length of circuits along the shortest direct route through the network).  The approach to 
transmission charging used by NGC in E&W is based on the application of “Kirchoff’s 
laws”, rather than these artificial “contract path” methods. 

                                                      

31  “Point-to-point” tariffs based on the distance or route between two points are common in the US, where they are 
known collectively is “megawatt-mile” systems.  German electricity networks adopted a similar approach in past 
years.  The European Commission has recently announced that “distance-related” tariffs would not be permissible. 
(See Regulation (EC) 1228/2003 on conditions for access to the network for cross-border exchanges in electricity.)  
However, this rule does not seem to prevent the networks charging for capacity between two points, e.g. on cross-
border capacity that takes power from one country’s network to the network in the neighbouring country.  For 
example, the Belgian, German and Dutch electricity transmission companies continue to auction Dutch cross-
border capacity. 
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Some bills for use of transmission facilities also reflect actual costs incurred on behalf of the 
network user.  In the UK, such bills tend to be limited to the cost of building a connection 
from the user’s premises to the shared transmission network. 

4.2. Criterion 2: Economic Impact on Network Users 

The choice of different billing determinants will affect network users in different ways.  The 
main question is whether a network user can pass the charge through to its customer or not.  
To answer this question, we consider whether or not the cost is “avoidable”, i.e. whether the 
network user can avoid the charge by not making a particular sale, whether the cost is 
common to all participants in the relevant market, and whether the market is competitive. 

For instance, suppose all electricity sales to a particular customer attract a flat-rate charge 
per kWh of network usage.  Suppliers only incur the cost if they sell electricity to the 
customer and can “avoid” it by not selling the electricity.  Rational firms will therefore make 
the sale only if the price covers this and other “avoidable” costs.  Furthermore, this cost is 
common to all suppliers of a particular customer and therefore affects them all equally, so 
they will all increase their prices to cover these avoidable costs, at least.  Finally, competition 
between suppliers would normally prevent them from charging more than these 
“avoidable” costs (or else they would be undercut by another supplier).  

On the other hand, generators pay annual transmission charges per kW of connected 
capacity.  In the short term, they cannot avoid this charge by adjusting the level of sales and 
so they will not regard the charge as an “avoidable” cost incurred by any particular short-
term sale.  In competition conditions, therefore, generators will not be able to include it in 
their offers and will not be able to pass the charge on to their customers.   

In the longer term, e.g. more than a year, generators can avoid future transmission charges 
by closing their plant.  Hence, these future transmission charges are “avoidable” in respect 
of longer term sales.  However, they are not common to all generators.  The market for 
generation is competitive, but different producers have different “avoidable” costs.  Longer 
term prices will depend on the “avoidable” costs of the most expensive generators entering 
the market – possibly a new entrant looking to cover all the costs of building a new plant.  
Changes in the avoidable costs of this generator will affect the market price.  However, 
changes in the avoidable costs of other generators will simply affect the additional profits, 
over and above their own avoidable costs, that they can earn from sales at that market price.  
Hence, if a TCM affects the costs of different generators in different ways, they will 
experience different impacts on their profits. 

4.3. Criterion 3: Source of “Locational Signals”, If Any  

The phrase “locational signals” is used widely in discussions of transmission charges.  We 
take it to mean any aspect of the charging regime that encourages generators or end-users of 
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electricity to locate their facilities in one place rather than another.  To provide such signals 
transmission charges may differ according to:  

• the point at which the generator/end-user connects to the network, in which case the 
amount by which the charge is lower in one place than in another provides an 
incentive to connect in the lower priced area; and  

• the “contractual route” or the “distance transmitted” when a seller transmits 
electricity to a buyer, in which case network users may locate their generators 
geographically near to a particular demand or choose to sell electricity only to 
geographically nearby demands – although such choices may not reduce 
transmission costs.   

Alternatively, a transmission company may employ “non-price signals” to encourage 
network users to locate the plant in one place rather than another.  Given European and 
national obligations to provide transmission services, transmission companies cannot 
normally dictate where new investment in generation may or may not take place.  However, 
they may, like NGC, indicate that connections within a certain zone will be delayed until the 
network can be reinforced, or planning consents obtained.  The current system also limits 
access to the Scotland-England interconnector by setting a limit in MW, which provides a 
signal that the market for generation in Scotland is limited to Scottish demand and a specific 
volume of exports. 

We will assess whether and how any set of tariffs (charges and conditions) provides 
locational signals to existing and potential investors.  As part of our assessment, we will take 
into account the way instability in charges may dilute or undermine these locational signals. 

4.4. Criterion 4: Share of Total Revenues Borne by Network Users 

We calculate the charges imposed on a particular network user or group of network users by 
applying the published or proposed tariffs to their billing determinants.  Where data is 
available, we can calculate the charges for a real network user, or we can provide illustrative 
calculations for a hypothetical network user.    

To help the reader appraise these figures, we offer some comparisons of transmission 
charges, for particular network users.  In particular, we will compare their total transmission 
charges under one scheme, versus their total transmission charges under another scheme 
(particularly the current ones), as an indicator of stability in transmission tariffs. 

We can also show the proportion of total transmission charges paid by one group of 
network users, versus their proportion of total capacity/demand.  This will indicate the 
extent to which variation between zones (intended to provide “locational signals”) has 
affected the allocation of NGC’s total costs between network users. 
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4.5. Criterion 5: Objectivity and Stability of Transmission Charging Method 

With this criterion and the next, we shift from describing the charges produced by a TCM to 
evaluating its effects on incentives and economic efficiency. Network users undertake many 
long-term irreversible investments in facilities to produce or consume electricity (i.e. power 
stations or factories, offices and other premises).  In order to take such decisions efficiently, 
they need to know how their transmission charges will be set for several years into the 
future.32  To encourage economically efficient development of these facilities (and of the 
transmission network needed to link them up), the transmission company needs to use an 
objective and stable transmission charging method.   

If the basis for setting such charges is subjective and unstable, investors may react by being 
less willing to invest, or delaying their investments in the hope that the method becomes more 
predictable.  Either reaction is tantamount to increasing the rate of return required to 
encourage such investments and hence raises total costs.   

Alternatively, faced with subjective and unstable charges, investors may react by selecting 
investments to reduce the risk associated with unpredictable variation in transmission 
charges.  To do so, they can spread their investments so that they are connected to many 
different parts of the network or else concentrate their investments in the part of the network 
least exposed to changing tariffs.  Both reactions dilute and invalidate the effect of any 
locational signals aimed at promoting efficient location of network users. 

To make a TCM objective its designers would have to ensure that input data and 
assumptions are determined by reference to robust and publicly available evidence and 
reasoning.  A TCM that is objective, will also tend to be predictable and hence stable.  But to 
ensure stability a TCM would have to meet the following additional conditions: 

(1) Stability of methodology - Data sources and methods of calculation should be held 
fixed from one tariff-setting exercise to the next; and 

(2) Stability between methodologies - The resulting charges should ideally be stable, 
particularly for existing users, i.e. charges to individual network users should alter 
little (a) if the designer makes different assumptions or (b) if the designer decides 
there are good reasons to change data sources or methods of calculation. 

The desire for charges to remain stable when the methodology changes may seem to run 
counter to the objective of adjusting transmission charges whenever necessary to encourage 
more efficient decisions by network users.33  However, the prospect of unpredictable 

                                                      

32  This point has been reiterated repeatedly by Ofgem as part of its ongoing review of the structure of distribution 
charges. 

33  As we have already noted, Section C7 of NGC’s transmission licence requires NGC to keep its tariff methodology 
under constant review. 
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changes in a TCM’s methodology, data sources or assumptions creates regulatory risk that 
has an economic impact in an industry characterised by long-term irreversible investment.  
Once individual network users have committed funds to an investment, they cannot 
withdraw it if conditions turn against them.  They will therefore give little weight to the 
short-term incentives offered by today’s transmission charges, and will instead base real 
decisions on the likely level and stability of future transmission charges over the whole life 
of their investment.   

A TCM that meets these standards may produce different transmission charges when real 
world conditions change.  The effect of changing conditions will at least be predictable, in 
the sense that network users know how changing conditions would affect their charges, and 
it may be desirable for investors to take the possibility of such changes into account.  
However, in other sectors, investors can often hedge against the risk of costs changing when 
conditions change, whereas TCMs generally offer no equivalent hedging opportunities, 
which can undermine efficiency.  (See section 4.6.3.)       

European legislation (e.g., the IME Directive) requires that transmission companies must 
apply transparent tariff conditions for access to their networks, without specifying what that 
term means.  With regard to tariffs, or tariff setting methodologies, we interpret the standard 
of transparency laid down by European law as encompassing a requirement for objectivity 
and stability as we have defined it here. 

4.6. Criterion 6: Efficiency of Decision-Making  

Transmission charging methods affect the efficiency of three sets of decisions: 

• The level and location of investment in generation; 

• The level and location of demand; and 

• Investment in the transmission network. 

The efficiency of these decisions will depend upon the strength of locational signals, how 
closely they relate to costs, and the objectivity/stability of the TCM. 

4.6.1. Economic basis for efficient decisions 

Overall efficiency requires that investors should locate new generation capacity in the 
location where expected total costs (including the expected incremental costs of transmission 
capacity) are lowest.  For existing generation capacity, the test is slightly different: its owners 
should keep it in operation as long as the expected market value of its electricity production 
provides a margin over expected fuel and other variable costs (i.e. the costs directly 
attributable to the production of each MWh of output) sufficient to cover its “fixed avoidable 
costs”, i.e. the costs of keeping the generator plant available and providing transmission 
capacity that would be avoided if it closed down.   We return to this point below. 
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To maximise efficiency on the demand side, consumers of electricity would need to locate 
their plant where the total cost of delivering electricity (including any incremental costs of 
transmission capacity) are lowest.  In principle, as with generation, locational signals in 
transmission charges can also influence the location of demand, whilst instability can lead to 
new demand being discouraged or dispersed. However, empirically, demand has always 
proven rather insensitive to variations in the total price of electricity (“price-inelastic”) and 
will be even less affected by variations in transmission charges, which form a minor part of 
the total price of electricity. 

The location of generation capacity and demand determine what investment in transmission 
is efficient.  However, NGC is a regulated company.  Its incentives to invest depend upon 
the level and structure of the total revenue allowed by the regulator, Ofgem.  Individual 
transmission charges do not affect NGC’s total allowed revenue or investment incentives.  
We do not therefore propose to discuss efficiency of investment in transmission when 
appraising TCMs. 

4.6.2. Incremental and decremental costs 

The irreversibility of investment in generation and transmission capacity means that the so-
called avoidable costs of reducing usage (“decremental costs”) are less than the avoidable 
costs of providing for additional usage (“incremental costs”).  Figure 4.1 shows how. 

Figure 4.1 
Incremental and Decremental Costs of Transmission Capacity 
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The horizontal axis shows the installed level of transmission capacity, and the vertical axis 
shows the unit cost of adding each unit.  Suppose the installed transmission capacity is 
currently T.   The investment required to produce this capacity is shown by the upper line, 
but the lightly shaded proportion of these costs is “irreversible”.  As a result, if demand for 
transmission capacity fell to T1, only a proportion of the total costs would be avoided, as 
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indicated by the darker shading below the line marked “Decremental Costs”; the lightly 
shaded area above this line would not be avoided as these costs are irreversible or “sunk”.  
On the other hand, increasing transmission capacity to T2 would incur the full cost of 
additions, as indicated by the line marked “Incremental Costs” – although, as soon as the 
costs were incurred, the upper mottled component would become a sunk cost.  

If utilisation of existing transmission capacity falls to T1, the capacity between T1 and T is 
spare.  Increasing utilisation from T1 to T does not require investment in new capacity.  The 
“incremental” cost of using this spare capacity is only the avoidable cost of existing 
transmission capacity, i.e. what was previously the “Decremental Cost”.  Thus, the existence 
of spare capacity has a major impact on the definition and level of incremental costs. 

4.6.3. Efficient risk management 

In section 4.5, we discussed how an objective TCM would remove regulatory risk associated 
with changes in assumptions, data sources and methodology, but would still leave network 
users exposed to risks associated with changing real world conditions.  In practice, once an 
investment has been made, it is irreversible and investors cannot respond to changing 
transmission charges by withdrawing investments.  As a result, investors may be reluctant 
to take advantage of low transmission charges in one zone, if they think that changing 
conditions may cause the charge to rise in the future.   

To encourage investors to respond to such signals, it may be useful to offer some protection 
against charges changing in the future, either by using a TCM which dampens changes, or 
phases them in over time (as NGC did between 1993 and 1997), or which offers existing 
users some opportunity to hedge against future price changes (such as a long-term contract, 
as found in other markets).  Some forms of protection against change may dampen or hide 
the incentives offered by current tariffs and diminish the efficiency of short-term responses.  
However, such protection offers long-term efficiency gains, if investors become less 
concerned about future instability due to changing conditions, and so respond more to 
current signals.   

In any case, not all forms of long-term protection diminish short-term efficiency gains, for 
instance, tradeable contracts for a fixed quantity of a commodity or service.  Such contracts 
have an “opportunity cost” or value in secondary markets equal to the current spot price or 
the current charge for that commodity or service.  The ability to earn or to forego this value 
encourages the holder of the contract to use it efficiently (even if the holder is paying a 
different price under the contract).   

4.6.4. Efficiency and competition 

As we noted earlier, NGC’s current licence (section C.7) obliges it to keep its tariff 
methodology under constant review and to adopt changes that fulfil “relevant objectives” 
defined primarily in terms of facilitating competition in the generation, supply, distribution, 
sale and purchase of electricity.   
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From an economic perspective, competition is not an end in itself, but merely one way of 
arranging for production to meet demand.   If competition would not be an efficient way of 
matching production with demand, it is desirable from an economic point of view to choose 
an alternative mechanism, such as a regulated monopoly.  Thus, measures to promote or 
facilitate competition must be intended to promote or facilitate greater efficiency and 
measures that diminish efficiency cannot be said to do so. Competition authorities 
sometimes intervene in markets to impose or prohibit certain kinds of behaviour, in order to 
promote or facilitate competition.  However, the desirability of such interventions cannot be 
taken for granted and must be justified in economic terms by demonstrating that they will 
result in more efficient outcomes.  Hence, for the purpose of our assessment, we treat 
obligations to promote or facilitate competition as synonymous with a desire to increase 
economic efficiency. 

4.7. Conclusion 

The criteria set out above represent a comprehensive framework for appraisal of any TCM.  
The full list of assessment criteria is as follows: 

1. Billing determinants and actual charges; 

2. Economic impact on different categories of network user; 

3. Source of “locational signals”, if any; 

4. Share of total revenues borne by individual network users; 

5. Objectivity and stability of the Transmission Charging Method; and 

6. Efficiency of decision-making.  

Of this list, items 1 to 4 require measurement of the charges produced by a TCM, whilst 
items 5 and 6 intrinsically require some evaluation of a TCM.  The following sections apply 
this framework to the TCM that NGC proposed for consultation in April 2004,34 which 
would apply a single method across the entire British transmission network, under BETTA. 

 

 

 

                                                      

34  NGC (2004a). 
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5. ASSESSMENT OF THE APRIL TCM: CRITERIA 1 TO 4 

The implementation of the April TCM would have an impact on users in all regions of Great 
Britain (GB).  These impacts would result from two mechanisms, namely, (i) the impact of 
the extension of the England and Wales methodology to Scotland, and (ii) the impact of the 
amendments proposed to the England and Wales methodology to make it suitable for GB-
wide application.  In this section we consider both types of impacts according to items 1-4 of 
the assessment framework set out in section 4. 

In its April Consultation, NGC explicitly limited the scope of its review of the merits of the 
April TCM (e.g., NGC excluded consideration of the effects of any abrupt changes in tariffs 
caused by the April TCM, and the need for transitional arrangements).  However, as our 
instructions require us to carry out a full analysis of the April TCM, we have not narrowed 
our appraisal in this way. 

5.1. Criterion 1: Billing Determinants and Actual Charges 

5.1.1. Billing determinants 

Like the current TCM in England and Wales, the April TCM uses the size of each network 
user (measured in kW of connected capacity) as the billing determinant for TUOS charges.  
The April TCM will impose the billing determinants currently used in England and Wales 
on Scotland.  In practice this change will have little impact because the billing determinant 
of TUOS charges in Scotland is also kW of connected capacity.  Although the precise 
definition of connected capacity currently used in Scotland may be different, the quantities 
of kWs used to calculate network users’ bills are essentially the same. 

5.1.2. Actual charges 

Table 5.1 and Table 5.2 show the level of charges proposed by NGC under Scenario A (single 
expansion factor) for generation and demand respectively.  Similarly, Table 5.3 and Table 5.4 
show the level of charges proposed by NGC under Scenario B (multi-voltage expansion 
factor) for generation and demand respectively.  As well as showing the tariffs proposed by 
NGC, these tables show some summary statistics that measure the impacts of the tariffs on 
charges by charging zone and by region (Scotland, England and Wales, GB).  Appendix A 
contains maps showing the delineation of the new generation charging zones proposed by 
NGC as part of the April TCM. 
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Table 5.1 
April TCM Scenario A: Generation Charges 

Zone Zone Name Gen TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Peterhead & Northern Highland 1,991 16.5 32.9 3% 11%
2 Skye & Western Highland 141 15.8 2.2 0% 1%
3 Central Highlands 198 13.4 2.7 0% 1%
4 Central Belt 6,714 11.9 80.2 9% 27%
5 Borders 143 10.1 1.4 0% 0%
6 Northern England 3,082 8.7 26.8 4% 9%
7 Humberside 12,234 5.1 62.3 17% 21%
8 North West England 4,877 5.5 26.8 7% 9%
9 Pennines & North Wales 7,578 3.6 26.9 10% 9%
10 Dinorwig 1,644 10.1 16.6 2% 6%
11 Anglesey 1,006 6.7 6.7 1% 2%
12 East Anglia and Estuary 13,627 1.8 24.8 19% 9%
13 West Midlands 4,235 1.5 6.4 6% 2%
14 South Wales 3,187 -3.1 -9.7 4% -3%
15 Outer London & Dungeness 7,662 0.1 1.1 11% 0%
16 Seabank 1,234 -2.0 -2.5 2% -1%
17 Central London 144 -6.8 -1.0 0% 0%
18 South Coast 400 -1.7 -0.7 1% 0%
19 Wessex 2,455 -4.4 -10.9 3% -4%
20 Peninsula 140 -7.9 -1.1 0% 0%

Scotland 9,185 13.0 119 13% 41%
E&W 63,505 2.7 173 87% 59%
GB 72,691 4.0 292 100% 100%  

Table 5.2 
April TCM Scenario A: Demand Charges 

Zone Zone Name Dem TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Northern Scotland 1,218 1.3 1.6 2% 0%
2 Southern Scotland 4,376 4.4 19.5 7% 2%
3 Northern 3,158 7.7 24.3 5% 3%
4 North West 4,021 11.4 46.0 7% 5%
5 Yorkshire 5,262 11.6 61.1 9% 7%
6 N Wales & Mersey 3,140 12.0 37.5 5% 4%
7 East Midlands 5,629 13.8 77.9 9% 9%
8 Midlands 5,363 15.6 83.4 9% 10%
9 Eastern 6,381 14.2 90.9 11% 11%
10 South Wales 2,275 19.3 44.0 4% 5%
11 South East 4,168 17.3 72.0 7% 9%
12 London 5,407 19.7 106.4 9% 13%
13 Southern 6,303 18.7 118.1 11% 14%
14 South Western 2,864 21.2 60.6 5% 7%

Scotland 5,593 3.8 21 9% 2%
E&W 53,971 15.2 822 91% 98%
GB 59,564 14.2 843 100% 100%  



 Assessment of the April TCM: Criteria 1 to 4
 

 
 

26

Table 5.3 
April TCM Scenario B: Generation Charges 

Zone Zone Name Gen TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Peterhead 1,524 19.2 29.3 2% 14%
2 Northern Highland 467 21.7 10.1 1% 5%
3 Western Highland 123 19.2 2.4 0% 1%
4 Skye & Quoich 18 17.5 0.3 0% 0%
5 Central Highlands 198 14.8 2.9 0% 1%
6 Argyll, Bute & Angus 498 13.0 6.5 1% 3%
7 Central Belt 6,216 11.4 71.1 9% 33%
8 Borders 143 9.3 1.3 0% 1%
9 Northern England 3,082 7.4 22.8 4% 11%
10 Humberside 12,234 3.8 46.7 17% 22%
11 North West England 4,877 4.2 20.3 7% 10%
12 Pennines & North Wales 7,578 2.2 16.5 10% 8%
13 Dinorwig 1,644 8.7 14.3 2% 7%
14 Anglesey 1,006 5.3 5.3 1% 2%
15 East Anglia 4,682 1.1 5.1 6% 2%
16 West Midlands 4,235 0.1 0.5 6% 0%
17 South Wales & Gloucs 4,421 -4.0 -17.5 6% -8%
18 Oxon & Bucks 3,584 -1.8 -6.6 5% -3%
19 Estuary 13,023 0.0 -0.6 18% 0%
20 Central & SW London 144 -8.2 -1.2 0% -1%
21 South Coast 400 -3.1 -1.2 1% -1%
22 Wessex 2,455 -5.8 -14.3 3% -7%
23 Peninsula 140 -9.3 -1.3 0% -1%

Scotland 9,185 13.5 124 13% 58%
E&W 63,505 1.4 89 87% 42%
GB 72,691 2.9 213 100% 100%  

Table 5.4 
April TCM Scenario B: Demand Charges 

Zone Zone Name Dem TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Northern Scotland 1,218 0.1 0.1 2% 0%
2 Southern Scotland 4,376 5.4 23.8 7% 3%
3 Northern 3,158 9.3 29.2 5% 3%
4 North West 4,021 12.9 51.8 7% 6%
5 Yorkshire 5,262 13.0 68.5 9% 7%
6 N Wales & Mersey 3,140 13.5 42.3 5% 5%
7 East Midlands 5,629 15.3 86.3 9% 9%
8 Midlands 5,363 17.1 91.9 9% 10%
9 Eastern 6,381 15.6 99.2 11% 11%
10 South Wales 2,275 20.6 46.9 4% 5%
11 South East 4,168 18.7 77.8 7% 8%
12 London 5,407 21.1 113.9 9% 12%
13 Southern 6,303 20.1 127.0 11% 14%
14 South Western 2,864 22.7 65.0 5% 7%

Scotland 5,593 4.3 24 9% 3%
E&W 53,971 16.7 900 91% 97%
GB 59,564 15.5 924 100% 100%  
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5.2. Criterion 2: Economic Impact on Network Users 

5.2.1. Impacts on generators 

The April TCM would increase significantly the TUOS charges for Scottish generators, 
compared with the current charging methods in Scotland.  As discussed in Section 4.2, we 
do not expect this increase in charges to feed through into higher wholesale prices for 
electricity, even in the long-run, because the increase is not common to all generators.  Given 
wholesale prices, this increase in TUOS charges translates into a reduction in profits for 
Scottish generators. 

In the long-run, wholesale electricity prices must cover the full costs of a new entrant into 
the generation sector, including that generator’s TUOS charges, in order to encourage and 
reward investment in new generating capacity.  The April TCM would lower TUOS charges 
(slightly) for generators in England and Wales, and raise them for generators in Scotland.  If 
the “price-setting” new entrant is located in England and Wales (as one might expect, given 
the incentives to build new plant towards the southern half of the British grid system), the 
reduction in its TUOS charges would reduce its costs and hence future wholesale electricity 
prices.  This reduction in prices would bring about a further reduction in the revenues and 
profits of Scottish generators.  However, this effect is small, because the April TCM would 
change transmission charges relatively little in England and Wales and because such charges 
represent a small share of total new entrant costs.  We therefore estimated the impact of the 
April TCM without taking such changes in wholesale electricity prices into account. 

Table 5.5 and Table 5.6 show our estimated total cost to Scottish generators of the proposed 
increase in TUOS charges due to the April TCM.  Summing over all existing capacity, the 
annual cost is £90 million under Scenario A and £95 million under Scenario B.  Assuming 
that these costs last for 10 years and that Scottish generators discount them at 10% per 
annum, the present value of these annual costs ranges between £550 million and £580 
million.  

Table 5.5 
Scottish Generators Lost Profits Under April TCM (Scenario A) 

Current 
TNUoS, 

£/kW

April TCM 
TNUoS, 

£/kW

Difference, 
£/kW

Capacity, 
GW

Lost profits, £
million

Zone (A) (B) (C) = (B)-(A) (D) (E) = (C)*(D)

Peterhead & Northern Highland 5.2 16.5 11.3 2.0 23
Skye & Western Highland 5.2 15.8 10.5 0.1 1
Central Highlands 5.2 13.5 8.2 0.2 2
Central Belt 2.5 11.9 9.5 6.7 64
Borders 2.5 10.1 7.6 0.1 1
Total 9.2 90  
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Table 5.6 
Scottish Generators Lost Profits Under April TCM (Scenario B) 

Current 
TNUoS, 

£/kW

April TCM 
TNUoS, 

£/kW

Difference, 
£/kW

Capacity, 
GW

Lost profits, £
million

Zone (A) (B) (C) = (B)-(A) (D) (E) = (C)*(D)

Peterhead 5.2 19.2 14.0 1.5 21
Northern Highland 5.2 21.7 16.5 0.5 8
Western Highland 5.2 19.2 14.0 0.1 2
Skye & Quoich 5.2 17.5 12.3 0.0 0
Central Highlands 5.2 14.8 9.6 0.2 2
Argyll, Bute & Angus 2.5 13.0 10.5 0.5 5
Central Belt 2.5 11.4 9.0 6.2 56
Borders 2.5 9.3 6.8 0.1 1
Total 9.2 95  

Scottish generators also save some costs as a result of the April TCM, owing to (a) re-
definition of the connection boundary under NGC’s “plugs” methodology, and (b) removal 
of the Anglo-Scottish interconnector charges.  OFGEM has estimated that the change in the 
connection boundary would save Scottish generators £25 million in 2005-06 alone.35 Ofgem 
also attributes £62 million of annual interconnector charges to Scottish generators,36 which 
they would avoid under the April TCM.  At £87 million when taken together, these savings 
would almost, but not quite, offset the annual loss in profit due to the rise in TUOS charges. 
However, as noted in Section 2.5, the starting point for comparing the situation with and 
without BETTA may have to exclude interconnector charges in both cases (i.e. the saving in 
interconnector charges may not be attributable to the April TCM).  

5.2.2. Impacts on suppliers and end-users 

The April TCM would also result in changes to TUOS charges for suppliers, particularly in 
Scotland but, to the extent suppliers are exposed to competition, the impact of these changes 
on suppliers’ profits will be short-lived.  Although TUOS charges for demand vary by 
region, each supplier faces the same TUOS charge when serving any particular end-user and 
only incurs that charge when serving the end user.  TUOS charges therefore represent a 
common avoidable cost for suppliers.   

Suppliers’ current contracts may prevent them from passing through variation in these costs, 
but most contracts with end-users last for one or two years at most.  In competitive 
conditions, any supplier whose TUOS charges rise or fall as a result of the April TCM will 
eventually pass through these changes to end-users to avoid being under-cut by other 

                                                      

35  Presentation by Colin Sausman, BETTA Project, OFGEM, 5 February 2004. 
36  Presentation by Colin Sausman, BETTA Project, OFGEM, 5 February 2004. 
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suppliers or selling at a loss.  To the extent that suppliers pass through changes in TUOS 
charges, it will therefore be end-users that feel the impact of changes in tariffs.  

5.3. Criterion 3: Source of “Locational Signals”, If Any 

SP and SSE currently apply uniform TUOS charges in their respective control areas.  The 
April TCM introduces locational TUOS charges in Scotland, with between 5 (Scenario A) 
and 8 (Scenario B) generation zones and two demand zones in Scotland.  This change in 
tariff structure would affect Scottish network users directly by introducing a locational 
signal based on a spread of tariffs between different zones.  

Figure 5.1 compares the TUOS charges borne by a selection of power stations under the 
current charging methodologies and under the April TCM (Scenarios A and B).  The power 
stations shown in this chart have been chosen to cover a wide range of charging zones across 
GB.    

This chart shows that TUOS charges would fall for all the selected generators located in 
E&W,37 although the differential between TUOS charges in E&W would not change 
significantly.  Conversely, it also shows that TUOS changes for Scottish generators would 
rise significantly and that the differential between Scottish generators and those in E&W 
would rise, as would differentials between Scottish generators in different locations.  Hence, 
while the April TCM would affect locational incentives within Scotland, and between 
Scotland and E&W, it would not affect locational incentives materially within E&W.  That 
means the April TCM may affect decisions by generators about whether to locate 
somewhere in Scotland or over the border in England, but will not materially affect the 
location of generation within E&W. 

The maximum differential shown in this chart between generators in Scotland and E&W is 
£7.4/kW in 2004/05, but £18.6/kW (Scenario A) and £23.2/kW (Scenario B) under the April 
TCM.  The change implied by the April TCM is equivalent to an increase of about three 
times in locational price differentials across GB, which represents a significant increase in the 
incentive for generators to locate south of the Anglo-Scottish border, and a corresponding 
disincentive to build and maintain generation capacity in Scotland.   

 

                                                      

37  In fact, this is true for all generators in E&W. 
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Figure 5.1 
TUOS Charges for a Selection of GB Power Stations 
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Figure 5.2 
Transmission Charges for a Selection of GB Power Stations 

Adjusted for Anglo-Scottish Interconnector Charges 
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Figure 5.2 shows similar data to Table 5.2 but allows for Anglo-Scottish interconnector 
charges.  To illustrate the potential effect of interconnector charges, we re-calculated Scottish 
generators’ total transmission charges assuming that they sell 72% of their power locally and 
28% to England and Wales.  This ratio of sales matches the ratio of the size of the Scottish 
market to the capacity of the Anglo-Scottish interconnector and therefore represents the 
relative sizes of the two market outlets available to Scottish generators overall.  (In practice, 
individual generators located in Scotland do not need to use the interconnector and can 
avoid the associated charges completely, so Table 5.2 would describe their situation more 
accurately.) 

Table 5.3 shows that allowing for the inclusion of interconnector charges prior to BETTA 
reduces the impact of the April TCM on the TUOS charges of Scottish generators, compared 
with the current TCM.  However, introduction of the April TCM still increases the TUOS 
charges paid by Scottish generators – especially for generators in northern Scotland - and 
widens the maximum differential between charges in Scotland and charges in E&W by 25% 
(Scenario A) or 55% (Scenario B).   

5.4. Criterion 4: Share of Total Revenues Borne by Network Users 

The significant locational rebalancing of TUOS charges under the April TCM, described 
above, would lead to a significant shift in the share of total transmission charges recovered 
from Scottish users as compared to those in England and Wales.  This is illustrated in Table 
5.7, which shows that the share of TUOS revenue recovered from Scottish generators would 
increase dramatically under the April TCM, compared with the current situation.   

Scottish generators make up 14% of capacity in 2004-05 and pay 18% of total generator 
TUOS charges under the current methodology (excluding Scotland-England interconnector 
charges).  In 2006-06, Scottish generators will make up 13% of capacity, but under the April 
TCM they will pay between 41% (Scenario A) and 58% (Scenario B) of generator TUOS 
charges.  This increase represents a major “tariff shock” to Scottish generators, caused by the 
April TCM. 

Table 5.7 
Comparison of the Shares of Generator TUOS Charges 

  Current TCM (2004-05) April TCM 
 Generation  

Capacity  
(2004-05)  

TUOS
Charges 

TUOS +
Interconnect
or Charges  

 Generation 
Capacity 
(2005-06) Scenario A Scenario B

Scotland 14% 18% 37% 13% 41% 58%
E&W 86% 82% 63% 87% 59% 42%
GB 100% 100% 100% 100% 100% 100%   
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The shares of charges and capacity are currently approximately balanced, i.e. generation 
capacity in Scotland (England and Wales) accounts for 14% (86%) of GB capacity and bears 
18% (82%) of generator TUOS charges.  Under the April TCM, the share of generator TUOS 
charges borne by Scottish generators is between three times (Scenario A) and four-and-a-half 
times (Scenario B) their share of capacity.   

Table 5.7 also shows revenue shares including the full cost of Anglo-Scottish interconnector 
charges, assuming that Scottish generators as a whole bear the full amount of these charges.  
Inclusion of interconnector charges means that the share of generator transmission charges 
borne by Scottish generators in 2004-05 is 37%, compared with a capacity share of 14%.  
However, the April TCM would still raise their share of charges to 41% (Scenario A) or 58% 
(Scenario B), whilst their forecast share of capacity in 2005-06 remains about the same at 
13%. 

5.5. Conclusion 

This assessment of the impact of the April TCM shows that Scottish generators would attract 
much higher TUOS charges than under the current TCM.  The impact is less, albeit still 
significant, if one assumes that the April TCM would relieve Scottish generators overall of 
the burden of Anglo-Scottish interconnector charges.  However, individual Scottish 
generators can avoid paying interconnector charges at present (by selling their output only 
in the Scottish market) and it is not clear whether interconnector charges should be included 
in the starting point for comparison with the April TCM.   
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6. CRITERION 5: OBJECTIVITY AND STABILITY 

Below, we consider the objectivity and stability of the April TCM, incorporating the 
calculations, data sources and assumptions. 

6.1. NGC’s DCLF Model 

The April TCM consists of a number of input assumptions and a particular method of 
calculating incremental costs and tariffs, both encapsulated in a DCLF model that is 
available from NGC.  We acquired a copy of the model and the analysis in this chapter 
represents our findings after using the model with different input assumptions.   

The actual method of calculation used by the DCLF model is hidden within the software, 
which is effectively a “black box”, i.e. unobservable.  Indeed, the conditions of the software 
licence for using the model preclude any attempt to examine the underlying computer code 
in detail.  This in itself undermines the objectivity of NGC’s April TCM since it prevents 
interested parties from fully scrutinising the detailed calculations that lie behind it.   

6.2. Expansion Factors 

6.2.1. NGC’s assumptions 

The April TCM is based on an estimate of the incremental costs per MWkm of expanding 
transmission capacity, the so-called “expansion factor(s)”.  In its April consultation, NGC 
defines the expansion factors as: 

• A standard unit cost (the “expansion constant”) for 400kV overhead lines of 
£9.51/MWkm; and 

• unit costs of other types of circuit represented as a multiple (“expansion factor”) of 
this standard unit cost. 

NGC presents two scenarios: Scenario A has a single expansion factor for all voltages, which 
varies depending on whether it is an overhead line or an underground cable; Scenario B has 
different expansion factors according to the voltage of a circuit and whether it is overhead or 
underground.  Differentials between zonal charges are wider under Scenario B than under 
Scenario A. 

NGC’s expansion factors represent the annualised (annuity) cost of building new 
transmission lines.  NGC uses these factors to calculate the marginal cost of providing 
transmission infrastructure at each node on the system.  To do this NGC multiplies the 
expansion factors by its estimate of the amount of new transmission infrastructure required 
to meet an increment in capacity at each node.  NGC estimates the amount of new 
transmission infrastructure required to meet an increment in capacity using its DCLF model.   
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6.2.2. Objectivity of NGC’s assumptions: type of investment 

The procedure described above assumes that NGC has to build new transmission lines to 
meet increments in capacity.  It takes no account of the opportunities available to NGC to 
increase transmission capacity by upgrading existing lines, or fitting other equipment such 
as static variable compensators (SVCs) and quad boosters (QBs) to make more efficient use 
of existing capacity.38   

We have carried out a comparison of the size of NGC’s system in 1992-93 and 2004-05.  As 
shown in Table 6.1, the capacity of NGC’s system in MWkms increased by 17% over this 
period, whilst the length in kilometres of NGC’s lines increased by only 3%.  Since capacity 
has increased significantly, without any significant increase in the length of lines, we 
conclude that NGC has increased capacity in the past mainly by upgrading the capacity of 
existing lines or by other means such as fitting SVCs/QBs, rather than building new lines. 

Table 6.1 
Growth in Size of NGC's Network 

1992-93 2004-05

Increase from 
1992-93 to 

2004-05

Growth from 
1992-93 to 

2004-05

Circuit length, kms 13,606 13,947 341 3%

Circuit capacity, GWkms 22,152 25,934 3,782 17%
 

Source: NERA calculations based on data from NGC SYS 1992-93 and 2004-05 

Table 6.2 shows how the length in kilometres of NGC’s network change, by voltage level, 
between 1992-93 and 2004-05.  This table shows that NGC has added 1,028km of 400kV 
circuit to its system since 1992-93, and has reduced the length of its 275kV circuits by 687km.  
As we are not aware of any examples of NGC having decommissioned existing circuits, we 
assume that the reduction in the length of NGC’s 275kV circuits is all due to NGC having 
up-rated those circuits to 400kV.  That leaves 341km of 400kV circuit which we attribute to 
new construction.   

                                                      

38  System operators use SVCs to regulate reactive power and QBs to direct power flows. 
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Table 6.2 
Change in Length of NGC's Network by Voltage Level 

1992-93 2004-05

Increase from 
1992-93 to 

2004-05

400kV 9,670 10,698 1,028

275 kV 3,937 3,250 -687

All 13,606 13,947 341

Circuit Length, km

 
Source: NERA calculations based on data from NGC SYS 1992-93 and 2004-05 

Up-rating existing 275kV circuits to 400kV increases the capacity of the system by less than 
building new 400kV circuits.  Based on the average ratings of NGC’s existing 275kV and 
400kV circuits, we calculate that up-rating an existing 275kV circuit would add about 
1,200MW of capacity on average, whereas building a new 400kV circuit would add about 
2,140MW.39  Using this information, we estimated how much capacity in MWkm has 
increased since 1992-93, due to (1) construction of new 400kV circuits, and (2) up-rating 
existing 275kV circuits.  The results are shown in Table 6.3, which indicates that 19% of the 
increase in capacity is due to the construction of new 400kV circuits, and 22% to up-rating of 
existing 275kV circuits.  That leaves 59% of the increase in capacity attributable to other 
methods (see section 6.2.3). 

Table 6.3 
Source of Capacity Increase between 1992-93 and 2004-05 

Circuit length, 
kms

Capacity 
increment, MW MWkm Share of total

New 400kV 341 2,140 729,719 19%
Uprating 275kV to 400kV 687 1,200 824,087 22%

Other - 2,228,202 59%

Total 1,028 3,782,008 100%

Additional capacity

 
Source: NERA calculations. 

NGC has not provided any evidence to suggest that it has now exhausted all opportunities 
for expanding capacity by upgrading existing lines, or fitting SVCs or QBs.  The investment 
programme drawn up by the three GB transmission licensees as part of the Renewable 

                                                      

39  The weighted-average rated capacity of NGC’s existing circuits is 2,140MW per circuit for 400kV and 940MW per 
circuit for 275kV.  Taking the difference between these, we calculate that up-rating from 275kV to 400kV results in 
an increase in capacity of 1,200MW per circuit on average, i.e., 2,140MW less 940MW. 
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Energy Transmission Study (RETS) includes a number of upgrade projects.40  That suggests 
that, at least on a GB basis, upgrade opportunities have not been exhausted. 

6.2.3. Objectivity of NGC’s assumptions: cost of upgrades 

Transmission companies can use one or more of the following techniques to upgrade their 
existing lines: 

• re-profiling – re-tensioning of lines to reduce sag and increase their thermal capacity; 

• re-conductoring – replacing existing conductors with thicker or better quality 
conductors with higher thermal capacity; 

• bundling – adding new conductors to existing towers; 

• up-rating voltage – increasing the voltage of existing lines (e.g. from 275kV to 400kV); 
and 

• load flow control – installing equipment that controls flows over the AC transmission 
system, to make better use of existing capacity.   

The costs of using these techniques depend on a variety of factors associated with the 
original construction of the existing line.   

Re-profiling means tightening transmission lines, to improve their “thermal capacity”.  When 
electricity flows through transmission lines, they heat up, expand and sag. If they sag too 
low, there may be a short-circuit to the ground or to nearby buildings.  The maximum flow 
is therefore determined by the limit on sagging.  If lines are re-profiled, they do not sag so 
low and will accommodate a higher load flow.  Re-profiling existing lines involves hardly 
any new materials, but does not increase capacity as much as the other techniques.  On a £ 
per MWkm basis, therefore, it may not be any cheaper than the other techniques listed 
above.   

Data we have compiled from the US suggests that re-conductoring and bundling are typically 
much cheaper than building new lines.41,42  Comparing the costs of adding capacity in £ per 
                                                      

40  The Renewable Energy Transmission Study, NGC, SPT and SHETL, available as Appendix 1 to the Final Report of the 
DTI Transmission Issues Working Group, DTI, June 2003.  Examples in the RETS of projects up-rating lines from 
275kV to 400kV are: Windyhill-Lambhill-Denny-Kincardine-West Calder and the Strathaven-Coalburn-Elvanfoot-
Gretna-Harker interconnector. 

41  Source: “Upgrading Transmission Capacity for Wholesale Electric Power Trade” by Arthur H. Fuldner  (Energy 
Information Administration's Office of Coal, Nuclear, Electric, and Alternate Fuels), which is available at 
http://www.eia.doe.gov/cneaf/pubs_html/feat_trans_capacity/w_sale.html.  Source of cost estimates quoted in 
article:  CSA Energy Consultants, "Existing Electric Transmission and Distribution Upgrade Possibilities”, 
Arlington, VA, July 18, 1995, p9. 

42  Building transmission lines is generally more expensive in the UK than in the US, but we see no reason to expect 
the relativities between the cost of new lines and the cost of upgrades to be any different. 
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MWkm, the US data suggests that re-conductoring typically costs about 80% as much as 
building a new line, whilst bundling typically only costs 55% as much.   

The same US data suggests that up-rating the voltage of existing lines is no cheaper than 
building a new line.  But this data assumes that up-rating requires substantial re-
construction of the existing transmission lines (new insulators, new towers, new switch-
gear, etc.), which is not always necessary in practice.  The fact that NGC has up-rated a large 
number of 275kV lines in the past suggests there were many cases when NGC found it 
cheaper to up-rate the voltage of an existing line than to build a new line.  We discussed the 
relative costs with members of SP who have experience in this area.  From those discussions, 
we understand that in UK conditions the cost of up-rating this type of existing 275kV line to 
operate at 400 kV would be much lower than the cost of building a new 400 kV line.   

For example, a line may be constructed to a full 400kV specification (i.e. with 400kV 
insulator fittings, conductors profiled for 400kV ground clearance, etc.), but operated at 275 
kV.  In that case, up-rating the line would involve installing new switchgear at each end of 
the circuit, plus other small items of equipment.43  Since the cost of switchgear falls outside 
NGC’s definition of expansion costs (for the purpose of identifying locational elements in 
charges), the comparable cost of such upgrades would be insignificant.  

In other cases, an existing 275kV line may be profiled for 400kV operation, but would 
require new 400kV insulators and new switchgear at each end of the circuit.  Again, the cost 
of switchgear does not enter NGC’s expansion constant.  In that case, we understand that the 
cost of up-rating the voltage could be about 55% of the cost of building a new line in UK 
conditions.  If the existing 275kV line also required re-profiling as part of the up-rating 
(possibly involving lifting some of the towers), we understand that the cost might rise to 
80% of the cost of building a new line in UK conditions. 

We understand that the most typical form of upgrading in UK conditions is the installation 
of new 400kV insulators and switchgear, which costs only 55% as much as building a new 
line.   

Finally, fitting load flow control equipment such as SVCs and QBs to optimise the use of 
existing transmission lines may be a cheaper way to increase capacity than upgrading lines, 
but we have not been able to collate any data on the costs of these options.     We understand 
that NGC has made substantial use of SVCs and QBs in recent years, which would indicate 
that they are a relatively cheap way to increase capacity in UK conditions. 

                                                      

43  The recent up-rating of the Strathaven-Torness line in SPT’s area was of this type, involving only minor 
investments. 
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6.2.4. An alternative expansion constant 

Taken together, the above evidence suggests the expansion constant used by NGC in the 
April TCM significantly over-states the costs of expanding the system to meet increments in 
capacity.  We have therefore estimated an alternative expansion constant that is consistent 
with the evidence above.  Table 6.4 shows what we have assumed about the mix of 
investments used to expand system capacity and the cost of each type of investment relative 
to the cost of building new 400kV lines (on a £ per MWkm basis).  Taken together these 
assumptions give a weighted average cost of system expansion that is 68% of the cost of 
building new 400kV lines, and imply an expansion constant of £6.47/MWkm instead of the 
£9.51/MWkm used by NGC in the April TCM (i.e., a discount of 32%). 

Table 6.4 
Source of Capacity Increase between 1992-93 and 2004-0544 (Estimate 1) 

Share of new 
capacity Relative cost

New 400kV 19% 100%

Uprating 275kV to 400kV 22% 54%

Bundling 20% 55%

Re-conductoring 20% 80%

Load flow controls 20% 54%

Weighted average 100% 68%  
Source: NERA calculations. 

The assumptions we have used to arrive at an expansion constant of £6.47/MWkm may still 
overestimate the true cost of expanding capacity because: 

• they assume NGC uses an equal share of bundling, re-conductoring and SVCs/QBs, 
when the relative costs of these different techniques suggests it would be cheaper for 
NGC to use more bundling and SVCs/QBs and less re-conductoring; and 

• the relative costs do not reflect the fact that the process of obtaining planning and 
environmental consents for construction of new 400kV lines is usually much more 
drawn-out and onerous than for upgrading existing lines.  For example, it took over 
10 years for NGC to complete construction of the new North York Moors line.  Thus, 

                                                      

44  The share of new capacity attributed to new 400kV lines and up-rating 275kV lines to 400kV are taken from Table 
6.3.  The remaining 59% share is divided equally between the three other expansion techniques that we have 
identified as potentially offering cost savings.  The relative costs are taken from the discussion in Section 6.2.3, 
except for SVCs/QBs for which we do not have any cost data.  We have set the relative costs of SVCs/QBs equal to 
the relative cost of up-rating.  NGC has made extensive use of SVCs/QBs in the past, which suggests that they are 
even cheaper than up-rating, so this approach probably overstates the cost of these techniques. 
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any incremental usage that triggers construction of new lines may only do so in 10 
years time. 

We have therefore constructed an alternative, potentially more realistic estimate of the 
expansion constant, as shown in Table 6.5, which takes into account these two factors by 
assuming the following:  

• NGC uses bundling, re-conductoring and SVCs/QBs in a ratio that is inverse to their 
relative costs (i.e. re-conductoring costs 50% more than bundling and SVCs/QBs, so 
we assume NGC uses the other two techniques 50% more than re-conductoring); and 

• based on the assumption that an increment in network usage will only trigger new 
construction of a new 400kV circuit in 10 years time, we have multiplied the relative 
cost of building a new 400kV circuit by a 10-year discount factor of 56%.45  

Table 6.5 
Source of Capacity Increase between 1992-93 and 2004-05 (Estimate 2) 

Share of new 
capacity Relative cost

New 400kV 19% 56%

Uprating 275kV to 400kV 22% 54%

Bundling 22% 55%

Re-conductoring 15% 80%

Load flow controls 22% 54%

Weighted average 100% 58%  
Source: NERA calculations. 

These potentially more realistic assumptions give a weighted average cost of incremental 
network usage that is only 58% of the cost of building new 400kV lines, and imply an 
expansion constant of £5.52/MWkm instead of the £9.51/MWkm used by NGC in the April 
TCM (i.e., a discount of 42%). 

These two estimates imply that the discount on NGC’s expansion constant should be 
between 32% and 42%.  To illustrate the effect that using a lower expansion constant would 
have on the tariffs produced by the April TCM, we have run a sensitivity using an expansion 
constant that is in the middle of this range, i.e. 37% less than that used by NGC in the April 

                                                      

45  We assume that when NGC decides to add capacity by building a new 400kV line it takes ten years for that 
capacity to be commissioned.  The time it takes to commission new capacity means that a MWkm of new 400kV 
line costs less in present value terms.  To adjust for this difference in value, we discount the cost of a MWkm of 
400kV capacity at a discount rate of 6% real (approximately equal to NGC’s cost of capital) over 10 years.  On that 
basis, we calculate that incremental network usage that triggers construction of a MWkm of new 400kV capacity in 
10 years only costs 56% of the cost of new 400 kV lines assumed by NGC.   
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TCM.  We show the results for Scenario A in Table 6.6 and for Scenario B in Table 6.7.  
Figure 6.1 and Figure 6.2 depict graphically the results for Scenarios A and B respectively.)  
The charges produced by this sensitivity differ greatly from the charges produced by the 
April TCM.  The tariff differential between Scotland and E&W, and across GB in general, is 
significantly lower, as is the share of revenues borne by Scottish generators.46   

Table 6.6 
Scenario A: 37 Per Cent Lower Expansion Constant 

 

Share of 
generation 

capacity

Average 
generation 

TNUoS

Share of 
generation 

revenue

Average 
generation 

TNUoS

Share of 
generation 

revenue

% £/kW % £/kW %

Scotland 13% 13.0 41% 9.7 30%
E&W 87% 2.7 59% 3.2 70%
GB 100% 4.0 100% 4.0 100%

Differential 
  Scotland to E&W 10.3 6.5
  Maximum GB 24.4 15.4

April TCM Sensitivity

 

Table 6.7 
Scenario B: 37 Per Cent Lower Expansion Constant 

Share of 
generation 

capacity

Average 
generation 

TNUoS

Share of 
generation 

revenue

Average 
generation 

TNUoS

Share of 
generation 

revenue

% £/kW % £/kW %

Scotland 13% 13.5 58% 9.6 41%
E&W 87% 1.4 42% 2.0 59%
GB 100% 2.9 100% 2.9 100%

Differential 
  Scotland to E&W 12.1 7.6
  Maximum GB 31.0 19.6

April TCM Sensitivity

  

                                                      

46  In its April 2004 Consultation NGC changed the split between demand and generation in Scenario B from 73:27 to 
80:20, in order to avoid negative demand charges which could give “perverse incentives” to consumers.  We note 
that using the lower expansion constant we have suggested avoids negative demand changes under Scenario B, 
thereby removing the need to adjust the demand:generation split. 
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Figure 6.1 
Scenario A: 37 Per Cent Lower Expansion Constant 
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Figure 6.2 
Scenario B: 37 Per Cent Lower Expansion Constant 

-15.0

-10.0

-5.0

0.0

5.0

10.0

15.0

20.0

25.0

P
et

er
he

ad

N
or

th
er

n 
H

ig
hl

an
d

W
es

te
rn

 H
ig

hl
an

d

S
ky

e 
&

 Q
uo

ic
h

C
en

tra
l H

ig
hl

an
ds

A
rg

yl
l, 

B
ut

e 
&

 A
ng

us

C
en

tra
l B

el
t

B
or

de
rs

N
or

th
er

n 
E

ng
la

nd

H
um

be
rs

id
e

N
or

th
 W

es
t E

ng
la

nd

P
en

ni
ne

s 
&

 N
or

th
 W

al
es

D
in

or
w

ig

A
ng

le
se

y

E
as

t A
ng

lia

W
es

t M
id

la
nd

s

S
ou

th
 W

al
se

 &
 G

lo
uc

s

O
xo

n 
&

 B
uc

ks

E
st

ua
ry

C
en

tra
l &

 S
W

 L
on

do
n

S
ou

th
 C

oa
st

W
es

se
x

P
en

in
su

la

G
en

er
at

io
n 

TN
U

oS
, £

/k
W

April TCM Sensitivity  



 Criterion 5: Objectivity and Stability
 

 
 

42

6.2.5. Conclusion 

In the past, NGC has found much cheaper ways to expand transmission capacity than 
building new lines.  The procedure NGC has used to calculate expansion costs for the April 
TCM takes no account of the potential for NGC to continue to exploit such opportunities in 
the future in spite of evidence of significant RETS upgrade projects in the pipeline.  We have 
estimated the cost reduction available from exploiting such opportunities to lie between 32% 
and 42%, giving a central value of 37%, or a central range in round numbers of 35%-40%. 
Unless NGC can show that it has now exhausted such opportunities, we believe it would be 
more reasonable for NGC to use an expansion constant that is between 35% and 40% lower 
than the one it used in the April TCM.  A value in this range would at least be consistent 
with the available evidence on the expansion methods used, and the costs actually incurred 
by NGC in the past. 

When this issue was raised during the 2003 Charging Review, NGC argued that it did not 
need to take account of the lower cost of upgrading existing infrastructure because it already 
took account of the spare capacity in the system.47  We cannot understand NGC’s line of 
reasoning here, but we note in any case that this argument is no longer valid, since the April 
TCM ignores the presence of any spare capacity in the GB transmission systems. 

6.3. Treatment of Spare Capacity 

In past applications of its TCM, NGC has designated some lines as having spare capacity 
and has decreased the incremental costs of these lines by a Spare Capacity Factor (SCF).  In 
its Initial Thoughts Consultation,48 NGC proposed to set the SCF at 75%, meaning that lines 
identified as having spare capacity cost 25% less to upgrade (per MWkm) than other lines.  
In the April TCM, NGC proposed instead to set the SCF at 100%, which is equivalent to 
assuming that the transmission network contains no circuits with spare capacity.  However, 
NGC has not provided any data to justify its decision to ignore spare capacity, nor any 
explanation of the rule used to identify the lines it designates as having spare capacity.   
NGC also expresses concern over its ability to determine circuits with spare capacity “on a 
consistent basis across GB at this time”, but does not say where the problem lies or when it 
might be recorded. 

NGC claims that (in relation to Scenario A) “it seems inappropriate to register some lines as 
under-utilised when the tests for spare capacity are applied to the existing circuits, which 
may operate at any of the three transmission voltages”,49 but NGC does not say why it 
would be inappropriate, or why the voltage is relevant to the identification of spare capacity. 

                                                      

47  NGC (2003a), p11. 
48  NGC (2003c), GB Transmission Charging: Initial Thoughts, 16 December 2003, page 16. 
49  NGC (2004a), page 34. 
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NGC then claims that the effect of adjusting the SCF from 75% to 100% is “small across GB”, 
whereas the task of assessing spare capacity would be “complex and resource intensive”.  
However, our examination of the model suggests that the effect of the SCF is muted by a 
decision to apply a very strict condition for identifying circuits as having spare capacity; 
since NGC identifies relatively few lines as having spare capacity, the effect of changing the 
SCF is bound to be small.  However, even a slight relaxation of the definition of spare 
capacity greatly increases the number of such circuits, and hence the effect of changing the 
SCF, as explained below. 

6.3.1. Spare Capacity Factor  

Table 6.8 (for Scenario A) and Table 6.9 (for Scenario B) show the effect of setting the SCF to 
50% within the April TCM.  These results seem to confirm NGC’s claim that the choice of the 
SCF does not have a material impact on the tariffs produced by the April TCM.  However, 
this result does not take account of the sensitivity of NGC’s model to the related choice of 
lines designated as having spare capacity. 

Table 6.8 
Scenario A: Spare Capacity Factor set to 100% (April TCM) or 50% (Sensitivity) 

Share of 
generation 

capacity

Average 
generation 

TNUoS

Share of 
generation 

revenue

Average 
generation 

TNUoS

Share of 
generation 

revenue

% £/kW % £/kW %

Scotland 13% 13.0 41% 12.9 40%
E&W 87% 2.7 59% 2.7 60%
GB 100% 4.0 100% 4.0 100%

Differential 
  Scotland to E&W 10.3 10.1
  Maximum GB 24.4 23.0

April TCM Sensitivity

 

Table 6.9 
Scenario B: Spare Capacity Factor set to 100% (April TCM) or 50% (Sensitivity) 

Share of 
generation 

capacity

Average 
generation 

TNUoS

Share of 
generation 

revenue

Average 
generation 

TNUoS

Share of 
generation 

revenue

% £/kW % £/kW %

Scotland 13% 13.5 58% 13.3 58%
E&W 87% 1.4 42% 1.4 42%
GB 100% 2.9 100% 2.9 100%

Differential 
  Scotland to E&W 12.1 11.9
  Maximum GB 31.0 29.6

April TCM Sensitivity
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6.3.2. Designation of lines with spare capacity 

NGC designated certain lines as having spare capacity based on a separate secure DCLF 
modelling study.  Since NGC has not published this study, we are unable to appraise its 
validity and objectivity.  However, we used the DCLF model that NGC has published to 
check the effect of changing the basis for identifying lines as having spare capacity. 

In the published version of the DCLF model, NGC has designated about one-fifth of lines in 
the GB system as having spare capacity.  Our analysis shows that there is a strong 
correlation between those lines designated by NGC as having spare capacity, and those lines 
with flows below 10% of their rated capacity.  We can vary this threshold to examine the 
sensitivity of the model to different assumptions about the extent of spare capacity.   

Setting the SCF to 50%, we examined flows as a percentage of line capacity and used 
thresholds of 20%, 30%, 40% and 50% as the basis for identifying lines as having spare 
capacity.  Table 6.10 (Scenario A) and Table 6.11 (Scenario B) summarise the results as 
average TUOS tariffs (upper part of the table), and the differential between average tariffs in 
Scotland and England and Wales (last line of the table).  We also show the effect on 
generation TUOS charges in Figure 6.3 (Scenario A) and Figure 6.4 (Scenario B).   

Table 6.10 
Scenario A: Average TUOS Charges and Differentials 

With Different Spare Capacity Thresholds, £/kW 

10% 20% 30% 40% 50%

Scotland 12.59 11.26 9.96 9.12 8.63
E&W 2.78 2.97 3.16 3.28 3.35
GB 4.02 4.02 4.02 4.02 4.02

Differential Scotland to E&W 9.81 8.29 6.80 5.84 5.27

Spare Capacity Thresholds

 

Table 6.11 
Scenario B: Average TUOS Charges and Differentials 

With Different Spare Capacity Thresholds, £/kW 

 

10% 20% 30% 40% 50%

Scotland 12.89 11.40 9.75 8.81 8.29
E&W 1.48 1.70 1.94 2.07 2.15
GB 2.93 2.93 2.93 2.93 2.93

Differential Scotland to E&W 11.40 9.70 7.81 6.74 6.14

Spare Capacity Thresholds
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Figure 6.3 
Scenario A – Impact of Changes in Spare Capacity 
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Figure 6.4 
Scenario B – Impact of Changes in Spare Capacity 
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As the level of the threshold increases, the variation in TUOS charges diminishes (the line 
becomes flatter), and the differentials between generation zones become smaller.   The 
decrease in differentials is most pronounced for the Scottish zones, demonstrating that 
TUOS charges for Scottish generators’ under the April TCM are particularly sensitive to this 
assumption.    

6.3.3. Conclusion 

Thus, although NGC dismissed the need to consider the “Spare Capacity Factor” in 
isolation, our testing of the April TCM shows that it has a significant effect when considered 
in conjunction with the rule used to identify lines as having spare capacity.  NGC has 
provided no proper explanation of the rule used to identify spare capacity, nor of its 
decision to abandon this aspect of its method in the April TCM.  Unless NGC can objectively 
justify dropping the identification of lines with spare capacity, it would be unreasonable to 
ignore the Spare Capacity Factor altogether by setting it to 100%.  NGC has also provided no 
reason for failing to investigate the situation throughout GB, in order to ensure that it 
reflects conditions in all three transmission networks.  It also seems unlikely (or unduly 
strict) that only lines with flows below 10% of their rating have spare capacity.  In our 
modelling of incremental costs we have adopted the incremental costs derived from setting 
the threshold at 30%, the mid-point of our sensitivities. 
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6.4. Decremental Costs 

6.4.1. NGC’s assumptions 

NGC’s April TCM is predicated on the assumption that (1) reductions in northern 
generation capacity (or in southern demand) and (2) increases in southern generation 
capacity (or in northern demand) avoid the need for NGC to incur the incremental costs of 
adding capacity in the future, rather than reducing the actual costs NGC is incurring.  In 
other words, the charges imposed on northern and Scottish generators (and southern 
consumers) do not reflect either their own incremental costs (caused by their original 
connection to the transmission network) or their own “decremental” costs (that would be 
saved if they closed down).  Instead, NGC assumes that there will be further investment in 
the future to meet potential increases in network usage and that reductions in network 
usage by existing users will reduce the need for this potential future investment cost.   

In terms of Figure 6.5, NGC assumes that required transmission capacity will be T2 so that 
any reduction in usage (now) saves the incremental cost of expanding capacity to meet the 
needs of potential new users (in the future).  At the very least, such assumptions will be 
unjustified if a network user frees up transmission capacity (e.g. by closing a generator) that 
will not be used by network users in other locations (e.g. lines emanating from that 
generator).  In these conditions, network usage would sit at the level T1, for which the 
incremental cost is very low. 

Figure 6.5 
NGC Defines Incremental Costs Assuming Usage Will Be T2 
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NGC has not explained why incremental costs best represent the cost of continued network 
usage in areas where expansion of generator capacity is limited or non-existent.  With regard 
to Scotland, it may be that NGC envisages a large increase in renewable generation capacity 
connected to the Scottish transmission network, such that network usage is always up at the 
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higher level (T2).  This level of network usage exhausts available transmission capacity, such 
that all network usage imposes the higher incremental cost of expanding capacity.  
However, such an assumption remains highly speculative and NGC has not made it explicit. 

NGC has also claimed that assuming a decremental cost equivalent to the incremental cost 
reflects the potential to avoid the full cost of replacing lines in the future,50 but we are 
unaware of NGC ever retiring any transmission lines and find it unlikely that NGC would 
ever give up the associated wayleaves and capacity, in case it was ever needed again in the 
future.  Hence, the available evidence would not seem to support the assumption that 
continued usage by northern generators imposes incremental costs by making it impossible 
to retire lines.   

6.4.2. Conclusion 

In reality, decremental costs are likely to be negligible because most transmission 
infrastructure costs are irreversible (“sunk”).  As the April TCM does not recognise this 
characteristic of transmission costs, it is likely to overstate the costs of serving existing users, 
and also the cost savings associated with locating generation in the south of the country (or 
demand in the north).  This overstatement of costs and savings will distort decisions about 
where to maintain or existing capacity or to locate new capacity on the system.    This effect 
is particularly severe because, for the April TCM, NGC abandoned its procedure for 
recognising spare capacity; and yet the existence of spare capacity would reduce some 
incremental costs to virtually zero.   

6.5. Scaling of Generation Capacity 

NGC’s model scales all generating capacity by a uniform factor to match it to peak demand.  
NGC recognises a difficulty with forecasting wind capacity, due to variation in weather 
conditions, but does not consider whether the same difficulty applies to hydro capacity.  In 
Norway, transmission charges are based on peak usage or “winter capacity” (when river 
flow may be reduced by freezing weather), rather than installed capacity, because of 
variations in hydro availability.  In Greece, hydro plants pay 50% of the normal charge 
because of their low load factor (although this discount is not reflected in the calculation of 
incremental costs due to hydro plant).  Hydrological uncertainty may not be as acute in GB 
as in Norway or Greece, but the availability of wind generation in Scotland and elsewhere in 
GB is subject to considerable uncertainty. 

Our analysis of NGC’s DCLF model shows that changing the assumptions about the 
availability of hydro plant does not have a significant effect on the tariffs produced by the 
April TCM.51  This result is probably related to the fact that NGC’s DCLF model does not 
                                                      

50  NGC (2004a), page 31. 
51  While we have not tested the effect of scaling renewables, we would also expect NGC’s model to be insensitive to 

this change. 
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take account of the effect that reducing plant availability has on the level of spare capacity in 
the transmission network.   

In reality, we would expect lower plant availability to increase spare capacity in the 
transmission network, and thereby reduce expansion costs, particularly in areas such as 
Scotland with high concentrations of hydro and renewables.  Therefore, the results we 
presented above in Section 6.4, on the effects of increasing the proportion of lines with spare 
capacity, probably give a better guide to the effects of taking into account uncertainty about 
the availability of hydro and renewables than a simple sensitivity which only scales hydro 
and renewables capacity in NGC’s DCLF model. 

6.6. Locational Security Factor 

When calculating incremental costs, NGC multiplies its estimate of nodal unit costs by a 
“locational security factor” (LSF).  NGC links this factor to the additional costs of providing 
a secure network.  Securing the network against faults (i.e. unforeseen breakdowns in 
generation capacity or transmission equipment) requires additional investment in 
transmission capacity, but the link between security and incremental costs is not 
straightforward.   

The operation of security standards is complex and difficult to predict.  The cost of 
providing a secure network depends upon whether lines have spare capacity and, if not, on 
whether the transmission company decides to construct a new line or to upgrade capacity on 
existing lines, or to fit other equipment such as SVCs and QBs which can increase capacity 
through better management of flows.  However, NGC has treated this aspect of the model as 
a separate exercise, without showing how it estimates the associated costs.  Instead, NGC 
merely reports three decisions: 

• to treat network security as a locational cost even though elsewhere NGC argues that 
“Users on all parts of the network benefit from the security standards that are 
applied to the whole network”;52 

• to estimate the locational security factor based on a secure DCLF model and using a 
“least squares fit approach”,53 without explaining in detail how NGC has modelled 
the additional costs (e.g. how the security standards have been specified) or how the 
least squares procedure has been applied in this case;54 and  

                                                      

52  NGC (2004a), page 39. 
53  NGC (2004a), page 40. 
54  “Least squares” is a statistical procedure for estimating a relationship between variables, which underlies the 

technique known as regression, but NGC does not say what variables it uses when applying this procedure, or 
how it estimated these variables.  
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• that its effect is to raise incremental costs by 83% (giving a locational security factor 
of 1.83).   

NGC also states that it has applied the same security standards throughout GB, without 
providing any corroborating analysis for the GB system, or evidence that this is the correct 
approach. 

Table 6.12 and Figure 6.6 (Scenario A), and Table 6.13 and Figure 6.7 (Scenario B), show the 
effect of setting the LSF to a value of 1.00 instead of 1.83 under the April TCM.  These tables 
and charts illustrate that the differential between TUOS charges for Scottish and E&W 
generation varies in proportion to the LSF.   

  

Table 6.12 
Scenario A: LSF set to 1.83 (April TCM) and 1.00 (Sensitivity) 

Share of 
generation 

capacity

Average 
generation 

TNUoS

Share of 
generation 

revenue

Average 
generation 

TNUoS

Share of 
generation 

revenue

% £/kW % £/kW %

Scotland 13% 13.0 41% 8.9 28%
E&W 87% 2.7 59% 3.3 72%
GB 100% 4.0 100% 4.0 100%

Differential 
  Scotland to E&W 10.3 5.6
  Maximum GB 24.4 13.4

April TCM Sensitivity
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Figure 6.6 
Scenario A: LSF set to 1.83 (April TCM) and 1.00 (Sensitivity) 
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 Table 6.13 
Scenario B: LSF set to 1.83 (April TCM) and 1.00 (Sensitivity) 

Share of 
generation 

capacity

Average 
generation 

TNUoS

Share of 
generation 

revenue

Average 
generation 

TNUoS

Share of 
generation 

revenue

% £/kW % £/kW %

Scotland 13% 13.5 58% 8.7 38%
E&W 87% 1.4 42% 2.1 62%
GB 100% 2.9 100% 2.9 100%

Differential 
  Scotland to E&W 12.1 6.6
  Maximum GB 31.0 17.0

April TCM Sensitivity
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Figure 6.7 
Scenario B: LSF set to 1.83 (April TCM) and 1.00 (Sensitivity) 
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6.6.1.  Conclusion 

Our analysis demonstrates that the tariffs produced by the April TCM are particularly 
sensitive to NGC’s choice of LSF.  As the costs of security also depend on the assumptions 
NGC makes about the level of spare capacity in the system, even our sensitivity results may 
under-state the effect of the LSF on the tariffs produced by the April TCM.  The lack of a full 
and transparent explanation for the LSF, and the connected assumptions about spare 
capacity, therefore undermines the objectivity and stability of the April TCM.   
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6.7. Construction of Zonal Tariffs from Nodal Costs 

NGC calculates an incremental cost for each “node” (point where electricity enters or leaves 
the transmission network) but averages these nodal results by zone, apparently to achieve 
more stable estimates.  To identify a zone, NGC draws boundaries around areas containing 
nodes whose estimated incremental costs differ by less than plus or minus £1/kW.55  
However, NGC has not explained why this cost band is the right one. Moreover, the 
identification of zones by this method does not produce a unique result - meaning that NGC 
can exercise a degree of discretion when drawing the boundaries between zones to meet the 
£1/kW standard.  In any zoning exercise, therefore, NGC may place a particular node in a 
zone with generally higher price nodes (leading to one value for its TUOS charge) or in a 
zone with generally lower price nodes (leading to a lower TUOS charge).  The process for 
defining zones, and the associated effect on TUOS charges, is not objective.  As a result, 
generators will find it hard to predict their tariffs, even though NGC makes its DCLF model 
available to users partly for that purpose.   

Moreover, as a result of the changes introduced following the 2003 Charging Review,56 NGC 
may move boundaries from year to year as conditions change, whereas previously NGC 
only changed the boundaries at price reviews (i.e. at intervals of three to four years).  This 
additional scope for discretion undermines the stability of the TCM even further.  A 
generator might find itself near the edge of an advantageously priced zone in one year, but 
be assigned to a higher priced zone the next year, simply because NGC has shifted the 
boundary to reflect changing conditions.  Indeed, by locating a new generator near the edge 
of a zone, to capture an advantageous TUOS charge, the investor may trigger a need for 
additional investment in transmission which appears in NGC’s model as a high incremental 
cost, such that NGC shifts the node into a neighbouring zone with much higher TUOS 
charges.  Thus, the ability to redefine zones may cause TUOS charges to be unstable in the 
light of changing conditions. 

6.8. Conclusion 

Our analysis of NGC’s model of incremental costs suggests that NGC’s expansion constant 
may over-estimate incremental costs by a factor in the region of 35-40%.  It also suggests that 
NGC has overstated decremental costs. 

Further, we found that the tariffs produced by the April TCM are sensitive to a range of 
different parameters and choices (e.g. the treatment of spare capacity and the definition of 
zones), for which NGC has not provided objective justification.  Without such objective 
justification, there is a significant risk that the TUOS differentials produced by the April 

                                                      

55  NGC (2004a), pages 36-37. 
56  As we have noted already, the 2003 Charging Review (NGC 2003a) explicitly excluded consideration of the merits 

of this and other changes in a GB context. 
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TCM overstate the true cost differentials across the GB system.  In addition, due to this lack 
of objective justification, there is a risk that NGC may vary these parameters and choices in a 
way that is difficult for network users to understand and predict.  This exposes network 
users, particularly those in peripheral zones, to a significant risk of instability in TUOS 
charges and differentials. 

As increased volatility and uncertainty of TUOS charges is likely to distort competition, we 
suggest NGC should, in the absence of clear evidence to support a particular input 
assumption or parameter value (e.g. for the SCF, LSF etc.), adopt assumptions that reduce 
the volatility and variability of charges for all users. 
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7. CRITERION 6: EFFICIENCY  

The tariffs produced by any TCM will only lead to efficient decisions by network users to 
the extent that: 

1. they are based on objectively defined incremental costs (for new users) and 
decremental costs (for existing users) of providing transmission access; and 

2. they are reasonably stable. 

The second criterion stems from the fact that TUOS charges affect long-term investment 
decisions, rather than short-term output or consumption decisions.  Both generator and 
demand TUOS charges depend on some measure of the amount of system capacity used by 
a user, and not on output or consumption.  As a result, generators and demand will only 
take TUOS charges into account (if at all) when taking long-term decisions about (1) where to 
locate investment in new generation capacity or equipment that uses electricity, and (2) 
whether to close existing capacity.57 

In this chapter, we summarise how the April TCM’s lack of objectivity and the resulting 
instability have a negative impact on the economic efficiency of decision-making. 

7.1. Economic Basis for Efficient Decisions 

7.1.1. Expansion Constant and decremental costs 

The analysis we presented in Section 6 suggests that the expansion constant NGC used in 
the April TCM overstates the true incremental cost of expansion.  This results in tariff 
differentials across GB that are significantly wider than they should be, and hence risks 
causing inefficient closure of existing capacity and its replacement by unnecessary 
construction of new plant elsewhere.  The problem is most acute within Scotland, where 
generator TUOS charges will rise.  In England and Wales, generator TUOS charges will fall, 
so the April TCM would not prompt any additional closures, over and above those that the 
current TCM would cause. 

Our analysis also suggests that the April TCM overstates the decremental costs of serving 
existing users.  Again, this overstatement of the “avoidable” costs of transmission increases 
the risk of causing existing capacity to close prematurely (i.e. inefficiently).   

Taken together, these flaws in the April TCM increase the risk of inefficient closure of 
existing plant in Scotland.  Such plant is replaced by the (unnecessary) construction of new 

                                                      

57  Demand users will also take TUOS charges into account in deciding how much to consume at the time of system 
peak since they can reduce their charges by consuming less during the Triad. 
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plant in England and Wales, or else security of supply will suffer from the overall reduction 
in capacity. 

7.1.2. “Plugs” 

The April TCM will also extend into Scotland the “Plugs” definition of the boundary 
between connection charges (which represent a contractual commitment that a generator 
cannot avoid) and TUOS charges (which a generator can avoid by closing down capacity).   
By shifting charges from the former to the latter, the introduction of “Plugs” will increase 
the proportion of total charges that a generator can avoid by closing down capacity, and will 
therefore strengthen the incentive to close plant in Scotland. 

7.1.3. Existing plant and future renewables in Scotland 

The efficiency effects of the April TCM may in the end depend largely on the Government’s 
plans to subsidise renewable energy sources in Scotland.   

Generation TUOS charges in England and Wales would not change much under the April 
TCM, so the main effects on location of new plant would derive from the large increase in 
annual TUOS charges on Scottish generators, which rise from £2.48-£10.74/kW (SPT and 
SHETL, respectively) to £9.30-21.72/kW (April TCM, all Scottish zones, Scenarios A and B).  
However, many renewable generators in Scotland may receive some relief from paying these 
very high TUOS charges, under a provision of the Energy Act.   

Clause 181 of the Energy Act allows the responsible Secretary of State to designate a certain 
area as “an area of high potential for the development of the generation of electricity from 
[renewable] sources” and then to order transmission companies operating in that area to 
reduce transmission charges to such generators.   

We understand that the area so designated may well lie in or include parts of Scotland, in 
order to support the Government’s policy of fostering investment in renewable generation 
sources, much of which would rely on Scottish renewable energy sources (wind and hydro 
in particular).  If certain Scottish renewable generators qualify for relief from the new TUOS 
charges, the April TCM may not affect the efficiency of their location. Renewable generation 
represents a large proportion - if not all - of potential new generation in Scotland.  As a result 
of the Clause 181 exemption, therefore, only existing generators are likely to pay the high 
Scottish TUOS charges.  

We regard the policy to subsidise the transmission costs of renewable generators within a 
designated area as a given constraint on the efficiency of outcomes.  However, we note that 
the premature closure of existing generation capacity in Scotland due to the high 
transmission charges imposed by the April TCM, with its concomitant impact on security of 
supply, may be an unintended consequence of this policy. 
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7.2. Stability 

7.2.1. Sources of instability 

In the preceding chapters, we identified three sources of instability under the April TCM: 

• the “tariff-shock” imposed on existing users in Scotland by the change in TCM, 
which undermines the value of locational signals offered by the TCM in operation at 
any time; 

• the use of input assumptions and parameters which lack objective justification; and 

• the risk of existing users being reallocated to a different charging zone as a result of 
annual re-zoning. 

Further, our analysis has shown that the April TCM causes the greatest instability in 
Scotland and other peripheral zones.   

7.2.2. Responses to instability 

In many other markets, faced with this kind of unpredictable change in future costs, 
investors would have the option of signing a long-term contract to secure their right to pay 
the current prices.  Such contracts have in fact been common in the energy sector, for the 
long-term supply of gas or electricity.  However, the April TCM offers no such protection 
against the change that NGC is now proposing, or against any similar change in the future.  
The future charges therefore depend upon the decisions of NGC and (for some decisions) 
whether the regulator, Ofgem, approves those decisions or not. 

Faced with the risk of a (possibly adverse) change in their costs, investors can take several 
courses of action.  They can spread their investments throughout the network, so that 
reallocation of charges between zones has a neutral effect on their total costs; or they may 
concentrate their investments in the central areas of the transmission network, where charges 
tend to be less unstable.  Either reaction would run counter to the current signals offered by 
transmission charges and diminish their potential to encourage efficient location of 
generation and demand. 

More significantly, investors may now decide to hold off significant investments in 
generation (or possibly demand), in case it becomes clearer how NGC’s regulated 
transmission charges are likely to evolve in future.58  By waiting, they may find out how 

                                                      

58  This point has been reiterated repeatedly by Ofgem in the context of its ongoing review of distribution charges.  
For example, in its Initial Conclusions paper on the Structure of Electricity Distribution Charges (June 2003), OFGEM 
states “It is important that the resultant charges have users’ confidence, so the process of deriving use of system 
charges needs to be transparent and it would not be appropriate to use charging methodologies that lead to 
charges that are volatile or highly unpredictable from one year to the next.” (Paragraph 4.19.) 



 Criterion 6: Efficiency
 

 
 

58

NGC plans to update the input parameters and zonal boundaries, or whether the somewhat 
arbitrary differences between NGC’s current TCM and the April TCM prove to be 
sustainable.  Understanding these aspects of NGC’s future behaviour would help investors 
to avoid locating new plant in zones which will turn out to be disadvantageous in the future.  
In such conditions, there is a reward for waiting to learn from experience, since investors can 
avoid making irreversible investments in less profitable locations.  This reward for waiting is 
tantamount to an increase in the rate of return that investors demand.  By this means, 
regulatory uncertainty can significantly increase the costs of investment in generation, 
thereby deterring efficient investment.   

7.2.3. The costs of instability 

Some theories of the cost of capital do not recognise these effects.  Ofgem itself applies the 
Capital Asset Pricing Model (CAPM) to calculate the cost of capital for NGC and other 
regulated networks.  The CAPM only measures the costs associated with risks that are 
correlated with fluctuations in the stock market,59 so Ofgem tends to discount the impact of 
regulatory and legislative risks, on the grounds that they are not correlated with the stock 
market.  However, the CAPM overlooks the irreversibility of investments in generation 
capacity (having been developed for use in financial markets, where investments are all 
reversible).  It is now well established that making an irreversible investment is akin to 
calling an option contract and can be valued in the same way.60  The implications of this 
“Option Theory of the cost of capital” is that uncertainty creates a value to waiting before 
making irreversible investments, which is equivalent to an increase in the cost of capital. 

It is difficult to assess the impact of increased regulatory uncertainty on the cost of capital in 
general, let alone in this case.  However, the impact was discussed by the industry in the 
context of a proposed BSC modification to introduce hedging mechanisms as protection 
against a zonal reallocation of transmission losses.61  It could be reasonably argued that the 
regulatory uncertainty created by the April TCM is similar to the regulatory uncertainty that 
would have been created by a zonal re-allocation of transmission losses, as both create the 
prospect of further changes in the regulatory allocation of costs by location.   

                                                      

59  The CAPM is based on a theory that investors are always looking for ways to diversify their risks and that the cost 
of capital for any investment is related to its contribution to risk diversification.  Taking the stock market as an 
indicator of general market risk, the CAPM calculates the cost of capital for any asset as a function of the risk-free 
rate and the correlation between the asset’s returns and the stock market’s returns.  Regulatory risks tend to be 
uncorrelated with the stock market and therefore to have no effect on the CAPM estimate of the cost of capital. 

60  An “option contract” gives the holder the right but not the obligation to buy or sell a good (e.g. crude oil, 
electricity, etc) at a particular price at or before some future date.  A “call option” is the right to buy a good.  
“Calling” the option is exercising that right. 

61  P109 Modification Group (2003), Assessment Report: Modification Proposal P109 – A Hedging Scheme for Changes to 
TLFs [Total Loss Factors] in Section T of the Code, P109 Modification Group on behalf of the Balancing and Settlement 
Code (January 2003). 
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Elexon’s report on BSC Modification P109 considers a rise in the cost of capital of between 
0.25 and 1.25 percentage points, compared with a required nominal rate of return in the 
generation sector of around 12% per annum.62  For each percentage point increase in the cost 
of capital, NERA calculated that new entrant costs would increase by £0.60/MWh.  Since the 
price of electricity should revert to the new entrant cost in the long run, the implied long-run 
cost to an industry with total annual generation of 360 TWh would be £216 million per 
annum, which has a 10-year net present value (NPV) of £1,800 million.   

In practice, the effect may be smaller, but even if risk increased the cost of capital by 0.1 
percentage points, costs would rise by £180 million (in NPV terms).  That cost is significantly 
more than any plausible estimate of the benefits associated with closing existing plant in 
Scotland and replacing it with new plant in England.63 

7.2.4. Variation in Instability 

NGC’s failure to use objective input assumptions and parameters in the April TCM imposes 
additional risks on network users in peripheral zones, which are not borne by those in more 
central zones.  Since this difference in results stems from NGC’s failure to use objective data 
sources, there is by definition no objective justification for the higher instability borne by 
users in peripheral zones.  To the extent that this greater instability is not justified by any 
difference in conditions, it appears to amount to different treatment of similar parties.   

7.3. Conclusion 

By overstating the expansion constant and decremental costs, and ignoring spare capacity, 
the April TCM risks causing inefficient closure decisions, particularly in Scotland. Offsetting 
the effect of any locational signals under the April TCM is investors’ knowledge that 
transmission charges – and the TCM – may change again in the future in unpredictable 
ways.  The risks associated with these factors may lead investors to ignore existing charges 
in favour of a strategy of risk management by spreading, concentrating or delaying 
investment in new generation capacity (and demand).  As we have shown above, the costs 
of risk management may be so high as to swamp any potential benefits from improved 
locational incentives. 

                                                      

62  This estimate is not a NERA estimate, but is taken from publications by merchant banks that predate the Enron 
crisis and assume normal conditions in the financing of generation projects.  The required rate may be higher at 
present.  

63  Since the April TCM only changes the incentives to locate plant in Scottish zones, relative to England and Wales, 
but does not change incentives within England and Wales, we envisaged that it might lead to a net relocation of 
capacity from Scottish zones into northern England, but no relocation of plant within England. We estimated the 
net benefit of closing 1000 MW of coal-fired generation in Scotland and replacing it with new gas-fired generation in 
the North of England to be about £11 million (10-year NPV).  Replacing 1000 MW of existing gas-fired generation in 
Scotland with new gas-fired generation in the North of England would have a net cost of £36 million.  It is difficult 
to predict how much plant would relocate in response to the April TCM, but 1000 MW represents one large power 
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8. AN ALTERNATIVE TCM 

In the preceding chapters, we have identified a number of problems with the April TCM 
that result from its lack of objectivity and the tariff instability it produces.  In this chapter, 
we describe the main changes that would need to made to the April TCM to produce an 
Alternative TCM that remedies these adverse effects. 

8.1. Input Assumptions and Parameters 

The Alternative TCM would: 

1. use an expansion constant that is 35-40% less than the one used in the April TCM to 
better reflect the likely cost of system expansion; 

2. reinstate the treatment of spare capacity that NGC currently applies within E&W, for 
transmission lines throughout Great Britain, pending a full review of the correct 
treatment to ensure its objectivity and stability; 

3. ensure that all input assumptions and parameters, such as the locational security 
factor, are objectively justified.  If this is not possible, NGC should define them in a 
way that reduces the impact of discretion on the locational component of TNUOS 
charges, to minimise the risk of unpredictable changes in future charges, particularly 
in peripheral zones. 

We have used NGC’s DCLF model to calculate the transmission charges that emerge from 
applying points 1 and 2 above.  Further work would be required to meet the standard in 
point 3, but these results already show a marked difference from the April TCM.   

Table 8.1 and Table 8.2 show respectively the generation and demand TUOS charges that 
would apply under Scenario A (single expansion factor).  Table 8.3 and Table 8.4 show the 
same information for Scenario B (Multi-voltage Expansion Factors).   

Figure 8.1 and Figure 8.2 show how generator TUOS charges differ between the April TCM 
and our Alternative TCM.  From this presentation, it is clear that these amendments greatly 
reduce the differentials between zones (i.e. flatten the line).  However, the impacts are 
largest in Scotland and relatively muted in England and Wales, especially in Scenario B.  The 
Alternative TCM reduces the payments by NGC (negative TUOS charges) to generators in 
Central London and the Peninsula region, but the volume of generation in these zones is 
negligible.  (See Table 5.1.)   In any case, to remove the instability (“tariff shock”) associated 
with the transition between any two TCMs, we would recommend the use of transitional 
measures as set out below. 

                                                                                                                                                                     

station.  Given the small number of power stations in Scotland, the effect could not be much larger than this and 
may be smaller. 
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Table 8.1 
37% Lower Expansion Constant and 75% Spare Capacity 

Factor (Scenario A): Generation Charges 

Zone Zone Name Gen TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Peterhead & Northern Highland 1,991 11.9 23.6 3% 8%
2 Skye & Western Highland 141 11.4 1.6 0% 1%
3 Central Highlands 198 9.9 2.0 0% 1%
4 Central Belt 6,714 9.0 60.1 9% 21%
5 Borders 143 7.8 1.1 0% 0%
6 Northern England 3,082 6.9 21.3 4% 7%
7 Humberside 12,234 4.7 57.5 17% 20%
8 North West England 4,877 4.9 24.1 7% 8%
9 Pennines & North Wales 7,578 3.7 28.3 10% 10%
10 Dinorwig 1,644 7.7 12.7 2% 4%
11 Anglesey 1,006 5.5 5.5 1% 2%
12 East Anglia and Estuary 13,627 2.6 35.4 19% 12%
13 West Midlands 4,235 2.5 10.5 6% 4%
14 South Wales 3,187 -0.3 -1.1 4% 0%
15 Outer London & Dungeness 7,662 1.6 12.4 11% 4%
16 Seabank 1,234 0.3 0.4 2% 0%
17 Central London 144 -2.7 -0.4 0% 0%
18 South Coast 400 0.3 0.1 1% 0%
19 Wessex 2,455 -1.1 -2.6 3% -1%
20 Peninsula 140 -2.9 -0.4 0% 0%

Scotland 9,185 9.6 88 13% 30%
E&W 63,505 3.2 204 87% 70%
GB 72,691 4.0 292 100% 100%  

Table 8.2 
37% Lower Expansion Constant and 75% Spare Capacity 

Factor (Scenario A): Demand Charges 

Zone Zone Name Dem TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Northern Scotland 1,218 6.1 7.5 2% 1%
2 Southern Scotland 4,376 8.1 35.5 7% 4%
3 Northern 3,158 10.2 32.2 5% 4%
4 North West 4,021 12.5 50.3 7% 6%
5 Yorkshire 5,262 12.6 66.3 9% 8%
6 N Wales & Mersey 3,140 12.8 40.2 5% 5%
7 East Midlands 5,629 14.0 78.6 9% 9%
8 Midlands 5,363 15.0 80.6 9% 10%
9 Eastern 6,381 14.2 90.7 11% 11%
10 South Wales 2,275 17.3 39.4 4% 5%
11 South East 4,168 16.2 67.4 7% 8%
12 London 5,407 17.6 95.4 9% 11%
13 Southern 6,303 17.0 107.0 11% 13%
14 South Western 2,864 18.2 52.2 5% 6%

Scotland 5,593 7.7 43 9% 5%
E&W 53,971 14.8 800 91% 95%
GB 59,564 14.2 843 100% 100%  
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Table 8.3 
37% Lower Expansion Constant and 75% Spare Capacity 

Factor (Scenario B): Generation Charges 

Zone Zone Name Gen TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Peterhead 1,524 13.2 20.1 2% 9%
2 Northern Highland 467 14.7 6.9 1% 3%
3 Western Highland 123 13.2 1.6 0% 1%
4 Skye & Quoich 18 12.1 0.2 0% 0%
5 Central Highlands 198 10.4 2.1 0% 1%
6 Argyll, Bute & Angus 498 9.2 4.6 1% 2%
7 Central Belt 6,216 8.2 51.1 9% 24%
8 Borders 143 6.9 1.0 0% 0%
9 Northern England 3,082 5.7 17.6 4% 8%
10 Humberside 12,234 3.5 42.8 17% 20%
11 North West England 4,877 3.7 18.0 7% 8%
12 Pennines & North Wales 7,578 2.5 18.6 10% 9%
13 Dinorwig 1,644 6.4 10.6 2% 5%
14 Anglesey 1,006 4.2 4.2 1% 2%
15 East Anglia 4,682 1.7 8.1 6% 4%
16 West Midlands 4,235 1.2 5.1 6% 2%
17 South Wales & Gloucs 4,421 -1.3 -5.9 6% -3%
18 Oxon & Bucks 3,584 0.0 -0.1 5% 0%
19 Estuary 13,023 1.0 13.4 18% 6%
20 Central & SW London 144 -4.0 -0.6 0% 0%
21 South Coast 400 -0.9 -0.4 1% 0%
22 Wessex 2,455 -2.3 -5.8 3% -3%
23 Peninsula 140 -4.2 -0.6 0% 0%

Scotland 9,185 9.5 88 13% 41%
E&W 63,505 2.0 125 87% 59%
GB 72,691 2.9 213 100% 100%  

Table 8.4 
37% Lower Expansion Constant and 75% Spare Capacity 

Factor (Scenario B): Demand Charges 

Zone Zone Name Dem TNUoS Revenue
Share of 
capacity

Share of 
revenue

MW £/kW £Mn % %

1 Northern Scotland 1,218 5.9 7.1 2% 1%
2 Southern Scotland 4,376 9.3 40.5 7% 4%
3 Northern 3,158 11.7 36.9 5% 4%
4 North West 4,021 13.9 55.9 7% 6%
5 Yorkshire 5,262 14.0 73.5 9% 8%
6 N Wales & Mersey 3,140 14.2 44.7 5% 5%
7 East Midlands 5,629 15.4 86.6 9% 9%
8 Midlands 5,363 16.5 88.6 9% 10%
9 Eastern 6,381 15.5 99.1 11% 11%
10 South Wales 2,275 18.6 42.4 4% 5%
11 South East 4,168 17.5 73.1 7% 8%
12 London 5,407 19.0 102.9 9% 11%
13 Southern 6,303 18.4 115.8 11% 13%
14 South Western 2,864 19.7 56.3 5% 6%

Scotland 5,593 8.5 48 9% 5%
E&W 53,971 16.2 876 91% 95%
GB 59,564 15.5 924 100% 100%  
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Figure 8.1 
37% Lower Expansion Constant and 75% Spare Capacity 

Factor (Scenario A): Generation Charges 
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Figure 8.2 
37% Lower Expansion Constant and 75% Spare Capacity 

Factor (Scenario B): Generation Charges 
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8.2. Transitional Arrangements 

The Alternative TCM would also include transitional arrangements in order to protect 
existing users against: 

• “tariff-shock”; 

• any residual instability caused by input assumptions and parameters that lack 
objective justification; 

• the instability of tariffs resulting from the siting and closure decisions of other users; 
and 

• the risk of being reallocated to a different charging zone as a result of annual re-
zoning. 

Transitional arrangements would also minimise the risk of inefficient early closure of 
existing plant in Scotland. 

The simplest arrangement would be to allow existing generators to continue to pay TUOS 
charges set using the current TCMs, whilst applying the April TCM only to charges for 
generators that connect after the introduction of BETTA (or some other convenient cut-off 
date).  SHETL operates a policy with some of these characteristics, in that some generators 
connected to the system before 2002 are exempt from some charges.  However, incumbents 
may still extract some benefit from lower charges which encourage them to remain in 
operation for longer than is efficient.  To overcome this problem, it is desirable to add three 
key conditions to the terms of access for existing generators: 

1. The volume of connected generation entitled to continue paying the existing charge 
is defined by reference to a historical figure (if necessary adjusted using some 
transparent formula) and cannot be increased; 

2. The duration of the concession is limited, for instance to the investment horizon of 
the owners (i.e. usually until the conventional “end of life” of the generator 
concerned); 

3. The holder of the concession can transfer it (if necessary, subject to the approval of 
the transmission company) to other users able to use the same capacity, in return for 
a payment from the new user. 

These conditions give the terms of access the characteristics of a limited term lease or 
contract, i.e. a tradable property right that can be allocated to the user who values it most 
highly.  In general, a lease encourages efficient use of property by charging the existing user 
a defined or fixed rental payment, whilst allowing the existing user to sell the lease to the 
highest bidder, if someone else can use the asset more profitably.  In the context of 
transmission access for generators, existing users would have an incentive to sell their 
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concessions to any new, more efficient generator who wished to build capacity in the same 
zone (or at least within an area defined by the transmission company, within which capacity 
is transferable between users).  In both cases, the existing user is aware of the current market 
value of the property right because of the possibility of trading it, but only pays a defined 
sum agreed at the start of the lease for using the property right.  In the current context, the 
defined sum payable by an existing network user would be the TUOS charges defined as of 
the date when BETTA is introduced, or some other convenient cut-off date. 

Designing such contracts might at first sight appear to be a complex task, but those 
complexities can be overcome.64  NGC has already begun to consult on a proposal to create 
“access rights” under BETTA.65  This consultation discusses the terms of access and possible 
distinctions between the terms offered to existing and new generators.  It would not appear 
to raise any new matters of principle to extend the proposal to cover the charges levied on 
existing and new generators. 

8.3. Conclusion 

This alternative TCM represents an improvement over the April TCM, since it removes the 
potentially large costs of risk associated with instability in transmission charges.  At the 
same time, it manages to retain any potential net benefits offered by the integration of 
locational signals and electricity trading across the length and breadth of Great Britain. 

 

 

 

                                                      

64  Similar difficulties had to be overcome to specify BSC modification P109, which set out how such a mechanism 
would work to protect both generators and end-users from the immediate effect of reallocating transmission losses, 
whilst retaining as far as possible the price signals deemed necessary to encourage efficient decisions.  Key aspects 
covered by P109 included the definition of current usage, its conversion into future rights, the duration of the 
rights, and the method of settlement.  

65  NGC (2004c), National Grid Company Consultation on Options for Allocating GB Transmission Access Rights Under 
BETTA, NGC, 21 May 2004. 
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APPENDIX A. NGC TNUOS TARIFFS 

Table A.1 
Schedule of Transmission Network Use of System Generation Charges (£/kW) in 

2004/2005 
 

Generation 
Zone Zone Area Tariff (£/kW)

1 Northern 9.01
2 Humberside 5.77
3 North West 6.22
4 Pennines and North Wales 4.12
5 Dinorwig 10.72
6 Anglesey 7.01
7 East Anglia 2.89
8 West Midlands 2.03
9 South Wales & Gloucs -2.15

10 Oxon & Bucks 0.00
11 Estuary 1.73
12 Central & SW London -6.60
13 South Coast -1.51
14 Wessex -3.83
15 Peninsula -6.84  

Table A.2 
Schedule of Transmission Network Use of System Demand Charges (£/kW) and Energy 

Consumption Charges (p/kWh) for 2004/2005 
 

 Demand  
zone Demand Area 

Demand tariff 
(£/kW)

Energy Consumption  
Tariff (p/kWh) 

1 Northern 4.94 0.66 
2 North West 8.33 1.10 
3 Yorkshire 8.46 1.17 
4 North Wales and Mersey 8.71 1.11 
5 East Midlands 10.77 1.48 
6 Midlands 12.60 1.73 
7 Eastern 11.01 1.39 
8 South Wales 16.13 2.23 
9 South East 14.23 1.77 

10 London 16.76 2.43 
11 Southern 15.68 2.08 
12 South Western 17.80 2.20  
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Figure A.1: NGC Generation Charging Zones 2004-05 
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Figure A.2: NGC Demand Charging Zones 2004-05 
 

 



 Appendix A
 

 
 

69

Figure A.3: April TCM, Scenario A Generation Charging Zones 2004-05 
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Figure A.4: April TCM, Scenario B Generation Charging Zones 2004-05 
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APPENDIX B. INTERNATIONAL SURVEY OF TRANSMISSION 
CHARGES 

We have surveyed the transmission pricing schemes in other markets in the European 
Union, as well as selected markets further afield.   

Our survey reveals that most markets with bilateral energy trading systems like NETA, or 
with uniform price pools like the old Electricity Pool of England and Wales, have uniform 
(i.e., non-locational) transmission charges.  The only exceptions are Greece, Ireland and Italy.  
The transmission charging systems in Greece and Ireland appear to resemble that used by 
NGC, in that charges vary partly to reflect differences in the cost of expanding the 
transmission system at different connection points.  The locational component of the 
transmission tariff in Italy reflects the cost of congestion between different zones in the 
network. 

Most of the other markets we have surveyed operate some sort of zonal or nodal spot 
market for electricity.  In all of these markets, the cost of losses and congestion are charged 
through locational transmission charges for generation and sometimes demand (implicit in 
nodal or zonal energy price differentials).  But most of these markets have uniform capacity 
or infrastructure transmission charges.  The only exceptions appear to be Australia, 
California and PJM.  Australia uses a fully-allocated-cost method, which allocates the costs 
of transmission assets to users according to the use they make of them.  Capacity charges in 
California and PJM vary by zone, although only for demand, and only because the 
transmission company for each zone sets a different uniform charge.   
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Table 1: Survey of Transmission Pricing Schemes in EU Member States 

Market Type of 
Service 

G:D split Structure of charges Basis of Locational Signals if Any Energy trading 
arrangement 

Notes 

France Point - of -
connection 
(entry/exit) 

2% G 98% D66 Uniform, vary by voltage and 
utilisation period. 67 

None Bilateral with power 
exchange (Powernext) 

 

       
Germany Point - of - 

connection 
(entry/exit) 

100% D 68 Guideline generation and 
demand charges uniform across 
each TSO’s network, but vary 
between TSOs.   

None Bilateral with power 
exchange (EEX) 69 

 

       
Greece Point - of -

connection 
(entry/exit)  

G and D pay  Generation charge varies by 
zone (3 zones). The zonal 
charge is the average of nodal 
charges in that zone weighted 
by the installed capacity at each 
node. 
Demand charge uniform 

Replacement cost.  Uniform price pool 
 

Hydro plants are only charges TUoS for 
50% of their capacity. 

       
Ireland Point – of -  

connection 
(entry/exit) 

25% G  75% D 
 

Generation charge varies by 
location of connection. Demand 
charge uniform.  
 

Generators pay nodal charges for 
capacity and losses.70   
The transmission assets are valued at 
replacement costs. Spare transmission 
capacity costs are shared across 
generators (postage stamp charge). 71 

Bilateral (moving to nodal 
spot market in 2006). 

Hydro facilities in Ireland are not 
currently subject to a TUoS charge 

                                                      

66  ETSO Task Force, Benchmarking on transmission pricing in Europe: synthesis, March 2003 
67  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
68  ETSO Task Force, Benchmarking on transmission pricing in Europe: synthesis, March 2003 
69  CIFE Technical Report #150, Stanford University, International comparisons of Electricity Restructuring: Considerations for Japan,, February 2004 
70  DG TREN / European Commission Report, Benchmark of Electricity Transmission Tariffs, February 2002 
71  ESB National Grid, Explanatory Paper for 2004 Statement of Charges 1st of January 2004 to 31st of December 2004 
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Table 1 (continued): Survey of Transmission Pricing Schemes in EU Member States 

Market Type of 
Service 

G:D split Structure of charges Basis of Locational Signals if Any Energy trading 
arrangement 

Notes 

Italy72 Point – of – 
connection 
(entry/exit) 

2% G 98% D 73 
 

Generation charges vary by 
zone in presence of congestion.  
Demand charges uniform74   

Marginal energy costs (tbc). 
The markets can split up to 7 zones, 
where the price is set SMP75 

Bilateral contracts power 
exchange.  

 
 
 

       
Netherlands Point – of  - 

connection 
(entry/exit)  

100% D  Uniform  
 

None Bilateral and power 
exchange (APX) 

 

       
Northern 
Ireland 

Point – of – 
connection 
(entry/exit) 

25% G 75% D Uniform  None Bilateral  

       
Norway Point – of –

connection  
 

36% G 64% D 76 The transmission tariff has 
three elements: two that vary 
by location , an annual zonal 
charge for losses and an hourly 
zonal congestion charge (the 
capacity fee or bottleneck fee), 
and an annual uniform capacity 
charge (the power fee). 

Marginal energy costs. Bilateral and zonal price 
pool 

The power exchange is not mandatory 
and competes with bilateral markets 
(70% of the total annual Nordic power 
generation) . A balancing market 
operates in each NordPool member 
country to manage transmission 
bottlenecks and imbalances resulting 
both from trade in the pool and from 
bilateral trade. 

 

                                                      

72  NERA Rome office 
73  ETSO Task Force, Benchmarking on transmission pricing in Europe: synthesis, March 2003 
74  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
75  NERA Rome office 
76  ETSO Task Force, Benchmarking on transmission pricing in Europe: synthesis, March 2003 
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Table 1 (continued): Survey of Transmission Pricing Schemes in EU Member States  

Market Type of 
Service 

G:D split Structure of charges Basis of Locational Signals if Any Energy trading 
arrangement 

Notes 

Portugal  100% D Uniform None Bilateral  
       
Spain Point - of 

connection 
(entry/exit) 

100% D 77 
 

No specific transmission charge 
– bundled as part of uniform 
national tariff. 

N.a. Uniform price pool.78  

 

                                                      

77  ETSO Task Force, Benchmarking on transmission pricing in Europe: synthesis, March 2003 
78  APEx  (Association of Power Exchanges)  http://www.theapex.org/apex.html 
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Table 2: Survey of Transmission Pricing Schemes in Other Markets 

Market Type of Service G:D split Structure of charges Basis of Locational Signals if Any Energy trading 
arrangement 

Notes 

Australia79  
 

Point - of 
connection (entry 
/ exit) 

G and D 
pay 

Generation and demand charges vary by 
point of connection, both for energy and 
capacity components.   
TNSPs allocate their regulated revenue to 
individual connection points. 
TUOS charges can be structured using a 
combination of one or more of the following: 
(a) demand charge ($ per max kW/kVA - over 
a metered half hour); (b) an energy charge (c 
per kWh); or (c) fixed charge.  

Fully allocated embedded cost  
 

Zonal price pool.80 
 

TSOs must structure charges to "reflect 
the conditions in the network which 
influence network investment". 

       
New Zealand 
 

Point – of -
connection (entry 
/ exit) 

G and D 
pay 

Generation and demand charges vary by 
connection point to reflect cost of losses and 
congestion.  Uniform capacity charge (tbc). 

Marginal energy costs (nodal spot 
prices). 

Nodal price pool  

       
Canada: Alberta  Point – of -

connection (entry 
/ exit) 

100% D  Uniform None Uniform price pool  

       
Canada: Ontario  Point – of -

connection (entry 
/ exit) 

100% D Uniform None Uniform price pool  

       

 

                                                      

79  National electricity code,: http://www.neca.com.au/files/necacode/ 
80  CIFE Technical Report #150, Stanford University, International comparisons of Electricity Restructuring: Considerations for Japan,, February 2004 
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Table 2 (continued): Survey of Transmission Pricing Schemes in Other Markets 

Market Type of 
Service 

G:D split Structure of charges Basis of Locational Signals if Any Energy trading 
arrangement 

Notes 

USA 
(California) 

Point - of-
connection 
(entry / exit) 
and point to 
point  

Retail entities (D) 
pay transmission 
charges; zonal 
power prices 
include 
adjustment for 
congestion 

Generation and demand energy prices vary 
by zone to reflect cost of congestion.81 
Capacity charges paid only by demand, 
vary across 24 adjustable zones. 
 

Marginal energy cost for congestion 
charge.82   
Capacity charges vary according to 
the costs of the Transmission Owner  

Zonal price pool83   

       
USA (PJM) Point-of-

connection 
(entry / exit) 
and point-to-
point 

G pay only for 
connections; 
retail entities (D) 
pay transmission 
charges;  
nodal spot prices 
include 
adjustments for  
congestion and 
transmission 
losses 

Charges differ between point-of-connection 
and point-to-point services.   
Point-of-connection service: zonal capacity 
charge, and nodal charge for congestion 
and losses.   
Point-to-point service: uniform capacity 
charge, and nodal charge for congestion 
and losses.84  

Marginal energy cost for congestion 
and losses charge.85   
In each zone, Network Integration 
service charges are calculated by the 
transmission owner based on its 
embedded costs for the transmission 
facilities within the zone. 
Point-to-point transmission service 
charges are calculated for each of the 
twelve zones within PJM based 
upon the embedded cost of 
transmission within the zone. 86 

Nodal price pool and 
bilateral87 

 

                                                      

81  CIFE Technical Report #150, Stanford University, International comparisons of Electricity Restructuring: Considerations for Japan,, February 2004 
82  NERA report Survey of Electric Utility Embedded Cost Methods for Generation and Transmission in North America, December 22, 2003 
83  Californian ISO 
84  CESI, Implementation of short and long term locational signals in the internal electricity market Study carried out by Italian grid expert CESI for EURELECTRIC December 2003 
85  NERA report Survey of Electric Utility Embedded Cost Methods for Generation and Transmission in North America, December 22, 2003 
86  EEI, http://www.eei.org/ 
87  CIFE Technical Report #150, Stanford University, International comparisons of Electricity Restructuring: Considerations for Japan, February 2004 



 

 77
 

Table 2 (continued): Survey of Transmission Pricing Schemes in Other Markets 

Market Type of Service G:D split Structure of charges Basis of Locational Signals if Any Energy trading 
arrangement 

Notes 

USA 
(NEISO) 

Point-of-
connection 
(entry / exit)  
and point-to-
point 
 

G and D 
pay 

Charges differ between point-of-connection 
and point-to-point services.   
Point-of-connection service: zonal capacity 
charge varies across TSOs, and zonal charge 
for congestion and losses.   
Point-to-point service: transaction specific 
charges, including charges for additional 
congestion and losses.88  

Marginal energy cost for 
congestion and losses charge.  
Capacity charges vary according 
to the costs of each TO.  
 

Zonal price pool and 
bilateral 

 

       
USA 
(NYISO) 

Point-of-
connection 
(entry / exit)  
and point-to-
point  

G and D 
pay 

Uniform capacity charge, and nodal 
(generation) or zonal (demand) charge for 
congestion and losses. 89 
Each transmission owner calculates the 
Transmission Service Charge for its district. 
There are eight transmission districts in the 
New York Control Area. The TSC includes 
each transmission owner’s annual required 
revenue, control costs, adjusted by 
revenues from the sale of TCCs, the 
collection of surplus or insufficient 
congestion rents, congestion payment 
revenue and revenue from external sales.90 
 

Marginal energy costs  Nodal price pool and 
bilateral  

 

 

                                                      

88  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
89  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
90  EEI, http://www.eei.org/ 
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Table 3: Connection charging in EU Member States 

Market Methodology Notes 

France91 Shallow Generation and load pay connection costs.  
   
Germany92 Deep Generation and load pay connection charges.93 
   
Greece94 Shallow Generation and load pay the connection charges. Existing users get refunds if new users use assets 

they have paid for. 
   
Ireland Shallow Collection of 100% of shallow connection costs from generators and 50% of shallow costs from 

demand users.  Any deep reinforcements that are required are paid for through TUoS. 
   
Italy (tbc) Generators and loads pay all the costs of connecting to the system. There are no refunds if another 

customer uses the facilities.  
   
Netherlands The initial connection tariff covers the costs of connection to 

the grid. The recurrent connection tariff covers the connection 
maintenance and replacement costs. Where a connection 
involves more than one link to the grid, the tariff is charged 
for each individual link.95 

There is a specific connection tariff which covers reinforcements to connect new clients. There are no 
refunds if another customer uses the facilities. 
 

   
Northern Ireland Deep Demand customers above 1MW and generators pay deep connection charges. Charges are based on 

100% of the cost of their connection 
   
Norway Shallow Generators and loads pay shallow costs. 

 

                                                      

91  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
92  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
93  DG TREN / European Commission Report, Benchmark of Electricity Transmission Tariffs, February 2002 
94  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
95  TenneT 
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Table 3 (continued): Connection charging in EU Member States 

Market Methodology Notes 
Portugal Shallow The contribution of new users in deep grid reinforcement costs is negociated case-by-case. 
   
Spain96 No connection charges 

 
Consumers pay an integral tariff (regulated market) or an access tariff (liberalized market). Both of 
them include transmission costs, distribution costs, stranded costs, security and supply costs, 
etc..(Integral tariff includes energy as well)   
New consumers have to build any dedicated asset needed to access to the network.  Consumers are 
responsible for the operation and maintenance of these assets.  Generally, they give them for free to 
the network owner so the TO does operations and maintenance.   

 

 

                                                      

96  NERA 
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Table 4: Connection charging in Other Markets 

Market Methodology Notes 

Australia  Shallow97 Generators pay shallow connection charges. Distributors do not pay specific connection charges. All 
the costs associated to connecting load is recovered through TUoS charges.  

   
New Zealand Once connection assets are assigned, a connection charge is 

calculated. The connection charge is the sum of asset related, 
maintenance, operating and (for customers who inject) 
overhead cost components.98 
 

Both generators and loads pay connection charges.  

   
Canada: Alberta (n/a) New generators bear full responsibility for their own connection costs. New loads share connection 

costs with existing customers.  
   
Canada: Ontario Shallow New generators and loads pay shallow charges. Existing generators get refunds if new generators use 

assets they have paid for. 
   
USA (California) Deep Generators pay deep connection charges, and get refunds if new generators use assets they have paid 

for. 
   
USA (PJM) Deep   Generation and load pay connection charges, which include a share of deep system upgrade costs. 
   
USA (NEISO) Deep Generators pay connection charges. 
   
USA (NYISO) Deep Generators pay connection charges. 

 

 

                                                      

97  CER / 04 / 101 Electricity Tariff Structure Review: International Comparisons, 09 March 2004 
98  Transpower 
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