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Disclaimer

Copyright © 2012 NERA UK LIMITED. All rights reserved. Extracts of this report may not
be reproduced or redistributed without the written permission of NERA, and NERA accepts
no liability whatsoever for the actions of third parties in this respect. This report may not be
sold without the written consent of NERA. This report is intended to be read and used as a
whole and not in parts. Separation or alteration of any section or page from the main body of
this report is expressly forbidden and invalidates this report.

All opinions, advice and materials provided by NERA are included, reflected or summarized
herein as the “NERA Content”. There are no third party beneficiaries with respect to the NERA
Content, and NERA disclaims any and all liability to any third party. In particular, NERA
shall not have any liability to any third party in respect of the NERA Content or any actions
taken or decisions made as a consequence of the results, advice or recommendations set forth
herein.

The NERA Content does not represent investment advice or provide an opinion regarding the
fairness of any transaction to any and all parties. The opinions expressed in the NERA
Content are valid only for the purpose stated herein and as of the date hereof. Information
furnished by others, upon which all or portions of the NERA Content are based, is believed to
be reliable but has not been verified. No warranty is given as to the accuracy of such
information. Public information and industry and statistical data are from sources NERA
deems to be reliable; however, NERA makes no representation as to the accuracy or
completeness of such information and has accepted the information without further
verification. No responsibility is taken for changes in market conditions or laws or
regulations and no obligation is assumed to revise NERA Content to reflect changes, events
or conditions, which occur subsequent to the date hereof.
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Executive Summary

Overview

RWE npower has commissioned NERA Economic Consulting and Imperial College London
to assess the impact of introducing the “improved ICRP” transmission charging model, as
compared to the current “status quo” charging model. Our market and transmission system
modelling suggests that “improved ICRP” will reduce social welfare by around £100 million,
and increase costs to the consumer by around £16 billion over the period to 2030. Therefore,
the modelling presented in this report does not support the introduction of the “improved
ICRP” model as currently proposed.

Introduction

In the context of Project TransmiT, RWE npower has commissioned NERA Economic
Consulting and Imperial College London to assess the impact of introducing the “improved
ICRP” transmission charging model, as compared to the current “status quo” charging model.
To make this comparison, we have used the same power market and transmission system
modelling framework, as summarised in Figure 1, which we developed for a 2011 study
comparing the “status quo” charging model with a uniform transmission charging model.*
However, as we describe in this report, we have made a number of changes and
improvements to this framework, amongst other things, to account for the changes to market
arrangements proposed through the Electricity Market Reform (EMR) process.

! Project TransmiT: Impact of Uniform Generation TNU0S: Prepared for RWE npower, NERA Economic Consulting

and Imperial College London, 31 March 2011.
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Figure 1
Overview of Modelling Framework
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Source: NERA/Imperial Analysis
Implementing the “Improved ICRP” Charging Model

Unlike the current charging model, which calculates a single locational generation TNU0S
charge, the “improved ICRP” model includes two locational charges: the “peak security”
charge is intended to represent the costs of providing network capacity to support peak
conditions, and the “year round” charge is intended to represent the costs of the network
capacity provided to optimise the trade-off between transmission reinforcement and
constraint costs. These generation backgrounds are the same as those that determine the
quantity of boundary capacity the transmission owners are required to provide under the
National Electricity Transmission System (NETS) Security and Quality of Supply Standards

(SQSS).

A key part of this modelling exercise, therefore, was developing a Transport Model to
implement the “improved ICRP” model, and rolling forward the “status quo” transmission
charging model. In the course of this exercise, we encountered a number of issues regarding
the design of this charging model, the most significant of which are as follows:

1. Scaling of Generation: Towards the end of the modelling horizon, especially in the
“improved ICRP” peak security background, we find that there is insufficient capacity to
meet peak demand in the Transport Model once the fixed scaling factors have been
applied. Hence, to implement the charging methodology, we had to assume the “variably
scaled” technologies produce at outputs above their installed capacities. Although this
does not inhibit the calculation of charges, this suggests the generation backgrounds
underpinning the NETS SQSS investment planning criteria may not be sustainable, as
they would require the TOs to build assets to accommodate technically infeasible patterns

NERA Economic Consulting ii
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of flow. Basing a charging model on such an unsustainable investment planning rule
would undermine the economic signals it seeks to convey.

2. Calculation of Impedances on Bootstraps: Rolling forward the Transport Model
requires us to assume how much power flows across the HVDC bootstraps in each
background in each year of the modelling horizon. We originally planned to take
modelled flows across the bootstraps from DTIM into the Transport Model. However,
this resulted in extremely high and volatile charges in some zones due to negative
impedances on the bootstraps. Instead, we adopted National Grid’s proposed approach to
calculating impedances, which is essentially to put as much power across the bootstraps
in the Transport Model as possible, without creating negative impedances. Although, as
far as we can tell, there is little technical rationale for this approach, it does reduce the
volatility of charges that would occur in runs where we see negative impedances.
However, once the bootstraps are built, our modelling indicates that charges in Scottish
zones can still be extremely sensitive to the amount of generation capacity that locates in
Scotland.

Generation Investment Patterns

Across the two scenarios our market model builds a range of new nuclear, CCGT and CCS
plants to meet incremental demand growth, and replace existing units as they retire. As
shown in Figure 2, however, we find that the impact of “improved ICRP” on locational
investment decisions is limited, with most investment taking place in the south of Great
Britain in both cases.

Alongside this thermal investment, our model develops both onshore and offshore wind
generation, which in both scenarios is spread throughout the country, as Figure 3 shows.
However, unlike for conventional generation, we do see some change in the location of wind
investments selected by our model. Figure 3 shows that “improved ICRP” causes around
600MW less wind investment to take place in England and Wales, which essentially moves
to Scotland. It also causes some movement of wind within Scotland between onshore and
offshore projects. For instance, some capacity moves from Scottish offshore projects to the
Scottish islands.

NERA Economic Consulting iii
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Figure 2

Locational of New Generation Investments by 2030 (Excl. Wind) - Status Quo vs. Improved ICRP

g

E&W Midlands

a8y

Source: NERA/Imperial
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Figure 3
Locational of Wind Generation in 2030 - Status Quo vs. Improved ICRP

Source: NERA/Imperial
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The Impact on TNUoS Charges

This movement in wind investment reflects the impacts of generators’ TNUoS costs due to
the introduction of “improved ICRP”. Table 1 and Table 2 show the impact of “improved
ICRP” on generators’ TNUoS costs by load factor and by zone.? They show that generators
with a low load factor in the Scottish zones (1 to 8) benefit from “improved ICRP”, whereas
generators with a low load factor in southern zones see their TNUOS charges rise. Generators
with higher load factors are affected less by improved ICRP. Hence, low load factor
generators, like wind farms, will be more likely to locate in Scotland, and less likely to locate
in England and Wales.

Table 1
Impact of “Improved ICRP” on Non-Intermittent Generators’ TNUoS Costs by
Zone and Load Factor in 2020 (2012£/kW)

TNUoS Zone

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20

0% |-28 -23 -33 -27 -26 -20 -15 22 3 -2 8 8 6 7 13 4 -1 9 10 18

10% |-256 -20 -30 -24 -23 -18 -13 .19 3 -2 7 7 6 6 12 2 -1 8 9 17

20% |-22 -17 -26 -21 -21 -16 -12 -17 3 -2 7 7 5 5 11 1 -2 7 8 16

g 30% |-20 -15 -23 -18 -18 -14 -10 -15 3 -1 6 6 5 5 10 0 -2 6 7 14
§ 40% |-17 -12 -20 -16 -16 -12 -8 -13 2 -1 5 5 5 4 9 -2 -2 5 6 13
L% 50% |-14 -9 -16 -13 -14 9 6 -10 2 0O 5 5 4 4 8 -3 -3 4 5 12
= 60% (-11 -7 -13 -10 -11 -7 5 8 2 0 4 4 4 3 7 -4 -3 3 4 11
9 70 (-8 4 -10 8 9 5 3 6 2 1 4 4 3 3 7 5 -3 2 3 10
80% |5 1 6 5 6 3 1 3 2 1 3 3 3 2 6 -7 4 1 2 9
90% (-3 1 3 2 4 -1 0 -1 2 2 2 2 2 1 5 -8 4 0 1 7
10000 4 1 0 -2 1 2 1 2 2 2 2 2 1 4 -9 4 -1 0 6

Source: NERA/Imperial

2 Because generators’ liability to pay the year-round component of TNU0S charges depends on load factor, the impact of

introducing “improved ICRP” as compared to the “status quo” depends both on zone and load factor.

NERA Economic Consulting Vi
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Table 2
Impact of “Improved ICRP” on Intermittent Generators’ TNUoS Costs by Zone
and Load Factor in 2020 (2012£/kW)

TNUoS Zone

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20

0% |-27 -22 -32 -25 -24 -19 -16 19 2 -4 7 7 6 7 9 11 3 11 10 15

10% |-24 -20 -28 -22 -21 -17 -14 -7 2 -3 6 6 5 7 8 10 2 10 9 14

20% |(-21 -17 -25 -20 -19 -15 -12 .15 2 3 5 5 5 6 7 8 2 9 8 12

g 30% |(-18 -14 -22 -17 -16 -13 -11 -12 2 -2 5 5 5 6 7 7 2 8 7 11
o 40% |-16 -12 -18 -14 -14 -11 -9 -10 2 -2 4 4 4 5 6 6 1 7 6 10
§ 50% |-13 -9 -15 -12 -12 9 -7 8 2 -1 3 3 4 4 5 5 1 6 5 9
-E 60% (-10 6 -12 9 9 -7 5 6 2 -1 3 3 3 4 4 3 1 5 4 8
S 70% (- 4 8 6 -7 4 4 3 2 0 2 2 3 3 3 2 0 4 3 6
80% (4 -1 5 3 4 -2 -2 -1 2 O 1 1 2 3 2 1 0 3 2 5

20% (-1 2 -1 -1 -2 0 O 212 1 1 1 1 2 2 1 -1 0 2 1 4
100%|2 4 2 2 0 2 1 3 1 1 O O 2 2 O -2 -1 1 O 3

Source: NERA/Imperial
Transmission Investment Costs

Transmission reinforcement costs increase under “improved ICRP” because wind generators
locate further north. Consequently, TOs> Maximum Allowed Revenue (MAR), and hence the
transmission charges faced by generators and consumers, also rise.

Constraint costs are higher in some years under “improved ICRP”, and lower in other years.
This occurs because, in our modelling framework, the level of constraint costs is determined
by the marginal costs of reinforcing the network, rather than the volume of reinforcement
required. This is the case because our DTIM model builds transmission investment capacity
optimally, up to the point where the marginal cost of constraints is equal to the marginal cost
of reinforcement. If we assumed sub-optimal transmission investment, e.g. due to planning
delays, we would expect to see larger differences in total transmission system costs
(constraints plus investment) as a result of “improved ICRP”.

Transmission losses increase because more power is transported from north to south under
“improved ICRP”, as more wind generation locates in Scotland.

Power Price Effects

Our model simulates the evolution of a competitive wholesale electricity market, taking
account of the impacts of various government policies. Within this framework, our model
also ensures that investments in new nuclear, CCGT and CCS generation capacity can be
remunerated through wholesale power prices by simultaneously optimising generation
investment and conducting a full chronological dispatch. This means that power prices will
tend towards the level required to cover the costs of new entry into the power market.

For most of the modelling horizon, the marginal source of new entry into the market is gas-
fired CCGTs. Depending on their load factor and TNUoS zone, the “improved ICRP”

NERA Economic Consulting vii



Project TransmiT: Modelling the Impact Executive Summary
of "Improved ICRP"

charging model increases their costs by between £0.5 and £6 per MWh of production,® which
generators need to recover through wholesale power prices.

In other words, in a competitive power market, long-run prices are determined by the
marginal cost of new entry. The “improved ICRP” charging model allocates a greater share
of costs to new entrants, and therefore materially increases long-term power prices.
Accordingly, as Figure 4 shows, our model predicts that wholesale power prices increase
over the modelling horizon as a result of “improved ICRP”.

Figure 4
Baseload Prices (Energy + Capacity) — Status Quo vs. Improved ICRP
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Source: NERA/Imperial
Welfare Effects

Table 3 shows the welfare effects we estimate from our comparison of the “status quo” and
“improved ICRP” charging models. The table shows that introducing the “improved ICRP”
model would increase transmission system costs* by £1.2 billion over the period to 2030, and
reduce other power sector costs (e.g. the costs of developing and operating generation assets)
by around £1.1 billion. Hence, “improved ICRP” causes a net increase in power sector costs
by £0.1 billion. This increase in power sector costs proxies the reduction in overall social
welfare caused by “improved ICRP”.

®  Based on TNUOS charges in 2020, and calculated using the data in Table 3.1. The range covers load factors between

30% and 60%, reflecting CCGTs’ mid-merit load factors, and covers all zones in England and Wales.

4 Includes investment costs, constraint costs and transmission losses.
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Executive Summary

Although social welfare reduces only slightly under “improved ICRP”, Table 3 also shows
that it would increase costs to consumers by around £16 billion in NPV terms over the period
to 2030, mainly due to the increase in wholesale power purchase costs described above.

Table 3
Effects of Introducing Improved ICRP (2010 £ million)
2014-2020 2021-2030 Total
Impact on Consumers
Power Purchase Costs 8,282 6,632 14,913
Low Carbon Subsidies -317 155 -162
D-TNUoS -55 544 488
Constraints 195 -166 30
Losses -43 642 599
Total 8,061 7,807 15,868
Power Sector Costs
Generation Costs -244 -828 -1,071
Transmission Investment -65 640 574
Constraints 195 -166 30
Losses -43 642 599
Total -157 289 132

Source: NERA/Imperial. Note, a positive number indicates an increasing cost following the
introduction of “improved ICRP”. NPVs calculated between 2014 and 2030, using a real
discount rate of 3.5%. We assume 2014 is the earliest point from which “improved ICRP” could

be implemented.

NERA Economic Consulting
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1. Introduction

In the context of Project TransmiT, Ofgem’s review of transmission charging and access
arrangements, RWE npower has commissioned NERA Economic Consulting and Imperial
College London to assess the impact of introducing the “improved ICRP” transmission
charging model, as compared to the current “status quo” charging model.

Ofgem considered the introduction of the “improved ICRP” charging model in the “options
for change” document it published during the Project TransmiT process.” At the same time, it
published a report by Redpoint that presented modelling results comparing the “improved
ICRP” and “status quo” charging models.® In a response to this consultation, we identified
fundamental problems with the design of the “improved ICRP” charging model, and posed
serious questions about whether it delivers cost-reflective charges.” Ofgem ultimately
concluded from the modelling that the “the choice between Improved ICRP and the Status

Quo is not clear cut”.?

To contribute to the ongoing debate regarding British transmission charging arrangements,
RWE has commissioned NERA and Imperial to provide our own independent comparison of
the “improved ICRP” and “status quo” charging models. To make this comparison, we have
used the same power market and transmission system modelling framework that we
developed for our 2011 study, in which we compared the “status quo” charging model with a
uniform transmission charging model.’

The remainder of this report is structured as follows:

= Chapter 2 describes our modelling framework and the approach we took to incorporating
the two charging models within it;

= Chapter 3 presents the results of our modelling work;
= Chapter 4 summarises the welfare effects of introducing “improved ICRP”; and

= Chapter 5 concludes.

Project TransmiT: Electricity transmission charging: assessment of options for change, Ofgem (188/11), 20 December
2011.

Modelling the Impact of Transmission Charging Options, Redpoint Energy, December 2011.

Project TransmiT: Ofgem's Assessment of Options for Change: A Review Prepared for RWE npower, NERA Economic
Consulting, 14 February 2012.

Electricity transmission charging arrangements: Significant Code Review conclusions, Ofgem (65/12), 4 May 2012,
page 5.

Project TransmiT: Impact of Uniform Generation TNU0S: Prepared for RWE npower, NERA Economic Consulting
and Imperial College London, 31 March 2011.

NERA Economic Consulting 1
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2. Methodology

2.1. Overview of Modelling Framework

As in our previous modelling work to compare uniform and “status quo” transmission
charging models, we have applied a modelling framework that combines wholesale power
market models with models of transmission investment requirements and TNUOoS charges.
Figure 2.1 provides a high-level description of our modelling tools and framework.

Figure 2.1
Overview of Modelling Framework

Power Market Modelling

______________________________________ -
Wholesale Power Market Renewables Investment
Model — “Aurora” Model
» Generation dispatch model » Optimises location and timing of

generators’ exit decisions « Selects the most “profitable”
renewables developments, given costs

» Optimises timing and location of new and subsidy revenue, etc

|

1

|

|

renewables investment :

|

|

. |
investment I

1
1
1
1
1
I« Optimises the timing of incumbent
1
1
1
1

Transmission Investment
Model — “DTIM”

» Optimises transmission reinforcement
investment, given data on generation
capacity and demand

Transmission Charging
Model

« Calculates TNUoS charges, given data
on transmission system characteristics,
costs and capacity/demand data

* Makes a least-cost trade-off between
constraint costs and reinforcement
investments

Source: NERA/Imperial Analysis

To model the evolution of the wholesale power market we used the AURORAxmp® market
model (“Aurora”) vended by EPIS Inc. of the US. Although Aurora has the capability to
optimise renewables investment simultaneously with conventional generation, the volume of
data needed to cover all the choices of location and type of renewables made this approach
impractical in terms of run times. We therefore created a separate model to optimise
investment in renewable generation capacity that works in tandem with Aurora. Both these
models use assumptions on a range of fundamental market drivers, such as the volume and
characteristics of existing generation capacity, commodity prices, the costs of new generation
capacity and electricity demand growth, as well as assumptions on TNUOoS charges.

To model optimal operation and investment in the transmission system we used Imperial’s
Dynamic Transmission Investment Model (DTIM), which uses locational generation and
demand data as an input. Using the forecast of transmission investment from DTIM, we then
computed TNUoS charges for the period to 2030 using the National Grid charging model for

NERA Economic Consulting 2
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the “status quo” scenario, and our own bespoke charging model for the “improved ICRP”
scenario that we developed for this assignment.

The assessment we present in this report results from a series of iterations between our
models of the wholesale electricity market, which predict the location and quantity of
generation investment for a given forecast of TNUo0S charges, and our models of the
transmission system, which estimate transmission investment requirements and TNU0S
charges for a given pattern of generation investment.

2.2. Recent Improvements to the Framework

Since our previous work to compare the “status quo” and uniform charging models, we have
made a number of improvements to our modelling framework to reflect changes in the policy
environment, such as the Electricity Market Reform (EMR) proposals, and to improve the
robustness of our modelling results.*

2.2.1. Capacity Payment Mechanism

We assume a market-wide CPM is introduced, with the first contracts delivered from the
point in time at which our market modelling suggests that new investment in generation
capacity is required. Given that the details of how any future CPM have yet to be finalised,
we model the CPM on the assumption that it is successful in correcting the market failure
created by a (real or perceived) cap on wholesale energy prices.** Hence, we run our market
models on the assumption that prices cap spike to VOLL, which we assume is €10,000/MWh,
to generate an efficient capacity mix. We then apply a price cap of €1,000/MWh to generate
a series of energy prices, and calculate the loss in revenue to generators, which represents the
“missing money” created by the price cap.12 We assume the “missing money” is returned to
generators through a market-wide capacity payment.

We calculate the capacity payment by annuitising this missing money over the modelling
horizon. Hence, whereas the missing money may be volatile form year-to-year,™® we assume
the CPM smoothes out the scarcity rents required to pay for peaking plants over time.

10 For instance, some of these changes to improve robustness respond to criticisms raised by Redpoint and Oxera in their

respective reviews of our 2011 paper comparing the “status quo” and “uniform” charging models. See (1) Review of
the NERA/Imperial impact assessment of introducing a uniform transmission charge, Prepared for Scottish Power and
Scottish Power Renewables, Oxera, 14 November 2011, and (2) A review of “Project TransmiT: Impact of Uniform
Generation TNUoS prepared for RWE npower”, A report by Redpoint Energy for Scottish and Southern Energy Plc,
Redpoint Energy, June 2011.

11 Such a price cap might occur, for example, if market participants anticipate political intervention to restrict power

prices in periods of scarcity, and so prevent prices from spiking to the value of lost load. Allowing prices to spike to
VOLL would be a necessary condition in a competitive energy-only power market for enabling market participants to
make an efficient trade-off between the construction of peaking plant and curtailing supply to end-users.

12 We define our assumptions on VOLL and the price cap with reference to the parameters selected by the regulatory

authorities for use in the Irish electricity market and capacity mechanism.

¥ The ‘missing money’ in any year depends on the frequency of price spikes to VOLL, and hence the amount of load that

needs to be shed. Because investment in new power generation capacity is lumpy, the volume of load shedding, and
hence the modelled amount of missing money, varies from year-to-year.

NERA Economic Consulting 3
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2.2.2. Emissions Performance Standard (EPS)

We assume that the EPS prevents the construction of new unabated coal-fired generation, but
we assume no tightening of the EPS to prevent the development of unabated gas-fired
CCGTs or OCGTs over the modelling horizon, nor forced retrofitting of CCS.

2.2.3. CO2 Pricing

We set UK CO2 prices equal to the CO2 price floor, which we assume grows to £30/tonne
(real 2009 prices) by 2020, and continues to grow until it reaches £70/tonne (real 2009 prices)
by 2030. The implication of this policy is that UK CO2 prices exceed those in neighbouring
markets (Nordpool, Continental Europe, and the Republic of Ireland), which over time will
tend to make the UK more reliant on imports, as fossil fuel-fired generators in neighbouring
markets have lower costs than their competitors in the UK.'* Because our model schedules
flows across interconnectors endogenously, we capture this effect on the British power
market.

In addition to the CO2 price floor, we assume that the UK government also seeks to achieve a
CO2 emissions intensity from the power sector of 100g/kWh by 2030. Although we
recognise there is some uncertainty regarding the level of this long-term target, as the UK
government and the Committee on Climate Change (CCC) have mooted targets of 100g/kWh
and 50g9/kWh, we apply the 100g/kWh target for consistency with the earlier modelling work
carried out by Redpoint during the Project TransmiT process.™

We implement this long-term CO2 target in our modelling by increasing the CO2 price in our
model up to the point where this target is met. In practice, as we describe in Section 3.1.3,
meeting this target requires only a small uplift compared to the CO2 price floor in both the
“status quo” and “improved ICRP” scenarios. This approach assumes that the government
will constrain emissions from the power sector to below the level it would achieve by setting
CO2 prices equal to the CO2 price floor, and that policies will be developed to achieve this
tighter emissions target efficiently.

2.2.4. Renewables subsidy arrangements

The government has recently announced revised bands for the Renewables Obligation (RO)
subsidy scheme that will apply for the period to 2017.%° We account for these changes in
subsidy levels in our renewables investment model, which selects the location of new wind
generation. The changes in bands may therefore affect the choice that the model makes
between onshore and offshore wind.

1 We use the forecast of the EU ETS price from the International Energy Agency (IEA) ‘New Policies’ scenario, which is

published in the 2011 World Energy Outlook. This EU ETS price is consistent with the gas, coal and oil price forecasts
we use for our analysis. We select the “new policies” scenario, which assumes a gradual tightening of international
emissions reduction targets, for consistency with Redpoint’s gas price assumption. Source:

Modelling the Impact of Transmission Charging Options, Redpoint Energy, December 2011, page 86.

% Modelling the Impact of Transmission Charging Options, A report by Redpoint Energy, Redpoint Energy, December

2011, page 25.
6 Government response to the consultation on proposals for the levels of banded support under the Renewables

Obligation for the period 2013-17 and the Renewables Obligation Order 2012, July 2012.
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In the period after 2017, we now allow the model to adjust subsidy levels. Specifically, we
allow the model to set the level of subsidy for onshore and offshore wind in order to achieve
a target of 30% of renewable generation throughout the period between 2020 and 2030. The
model does this by considering a large number of possible subsidy levels for onshore wind,
and a large number of subsidy levels for offshore wind. It then selects the combination of the
two that allows its renewables targets to be met at lowest cost to consumers. At the same
time, it assumes that investors respond to any given level of subsidy by developing the most
profitable wind sites first.

This procedure is intended to simulate the government’s stated intention of adjusting subsidy
levels to meet renewables targets, while minimising costs to consumers and reflecting
changes in the costs of developing new renewable generation capacity over time.'” Hence,
this procedure allows the model to select different levels of subsidy under the two TNU0S
charging models.

Through the EMR process, the government has proposed significant reform of UK renewable
subsidy arrangements through the introduction of Contract for Difference (CFD) Feed-in
Tariffs (FITs). Our modelling framework sets the subsidy levels required for onshore wind
and offshore wind without taking account explicitly of the mechanism through which
subsidies are paid. A key intention of the CFD FIT scheme is to reduce the risks borne by
investors in low carbon generation, thus reducing the cost of capital faced by wind investors
and boosting investment. However, as the details of the scheme have yet to be announced,
we have not made any specific assumption on the impact on the cost of capital developers
would face with CFD FITs rather than the RO, which in practice could be positive or
negative.*®

2.2.5. Improving convergence

An issue we encountered in our previous modelling of the “status quo” and “uniform”
charging models was that the model moved considerable volumes of generation capacity
around the country in response to small changes in TNUOoS charges from one iteration of the
model to the next. As a result, the model converged to a range of solutions, whereby some
gas-fired CCGT and OCGT capacity shifted between the south-east and the south-west of GB
between iterations of the “status quo” case.

One cause of this ‘flipping’, as we set out in our previous report, was that we did not impose
any limits on the availability of sites for new power generation capacity, due to the lack of
objective data available on, for example, the scarcity of suitable land, or limits on the
availability of cooling water. In practice, we recognise that such constraints are important,
and hence we have modified our approach. We have now defined limits on the amount of
new generation capacity (in MW) that could be developed in each area, linked to the number
of sites made available by plant retirements, plus the number of sites at which new projects

7 For example, these objectives are set out in the Energy Act 2008 Section 32D, paragraph 4.

8 We take forecasts of investors required hurdle rated from a recent study by Oxera for the CCC. Source: Discount rates

for low-carbon and renewable power generation technologies, Prepared for the CCC, Oxera, April 2011, table 4.1. We
take the mid-points of range from Oxera’s high to low estimates.
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Methodology

have been proposed. We set out the limits we impose in Appendix B. Our results may be
sensitive to these assumptions, though we have not tested the sensitivity at this stage.

2.3. Developing Charging Models

2.3.1.

Our approach

In general our approach to modelling the “improved ICRP” charging model, and rolling
forward the existing “status quo” charging model, was to follow the assumptions made by
Ofgem in its “options for change” document that Redpoint used for its modelling, as Table
2.1 summarises. We also obtained a version of the “improved ICRP” charging model from
National Grid, and used it to cross-check the results of our own charging model. However, in
following this process, we encountered a number of issues, as set out below.

Table 2.1

Key Features of "Improved ICRP" and "Status Quo" Charging Models

Topic Status Quo Improved ICRP
1 Wider As Locational charge Same as Status Quo
Investment
Costs
2 Local Asset Asset specific Same as Status Quo
Charges
3 G:D Split 27%:73%, moving to 15%:85% from 1 Same as Status Quo
April 2015
4 Wider Tariff Capacity-based peak security charge, = Two charges: a “peak security capacity-
using a background where output based charge, and a “year round” charge
from all generation is scaled to meet with payments scaled to generators’
ACS peak historic load factors. Charges calculated
based on the generation/demand
backgrounds defined in the revised NETS
SQSS document.
5 HVDC Lines Full costs, including converter stations Same as Status Quo
Expansion
Constant
6 Treatment of Assume as much power as possible Same as Status Quo

HVDC Lines in
Transport Model

Locational
Security Factors

flows across the bootstraps, without
triggering negative impedances

No change from current methodology

As for Status Quo, but for island links,
security factor effectively reduced to 1.0
where there is no redundancy

Source: Ofgem™
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2.3.2. Calibration

Before rolling forward the two charging models over time, we undertook an extensive
calibration exercise to ensure the network topography and distribution of demand and
generation around the network in our transport model resulted in TNUoS charges close to
those published in 2012. As Figure 2.2 illustrates, we achieve an extremely close calibration
to published charges, which provides reassurance that our Transport Model is sufficiently
robust to allow forecasting of TNUOS charges.

Figure 2.2
Modelled 2012 TNUoS vs. Published 2012 TNUoS (£/kW)
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2.3.3. Calculating impedances on HVDC bootstraps

When running the load flow model used to calculate TNUOS charges, in general we can
allocate flows across transmission boundaries in proportion to the impedances of each
transmission line. However, this approach is not suitable for apportioning flows between
transmission lines on those boundaries where power can flow across either onshore AC lines
or across the offshore HVDC bootstraps. Because the HVDC cables are despatchable, some
external rule is required to allocate flows across these boundaries.

Initially, we planned to take the flows across the bootstraps scheduled by the DTIM model in
each generation background, and impose these patterns of flow as input assumptions in the
Transport Model by calibrating the impedances of these lines. However, in some years of our
modelling horizon, this approach produced tariffs that were extremely high and volatile in
some Scottish charging zones, reaching several hundred pounds per kW per annum in some
years. Essentially, this was caused by negative impedances on the bootstraps.

Negative impedances mean that these assets are overcompensated, which is technically and

NERA Economic Consulting 7
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practically possible. However, in order to calculate the zonal charges the next step (after
determining the power flows under the Transport Model generation/demand background)
involves incremental power injections (LMW) at each node and withdrawal at the reference
node (a node in England), and calculating the impact on the line flows (marginal MWkm).
When calculating the marginal MWkm negative impedances imply that an incremental
injection at a node in Scotland (for example Peterhead) will cause more than 1MW of power
flow across a bootstrap, which will be compensated by an equivalent south to north power
flow over the AC network so that the power injections and withdrawals are balanced. In turn,
given the high cost of HVDC links, this results in extremely high charges for some zones.
This phenomenon is inherent in the TNUOS calculation irrespective of the methodology used
to determine the HVDC desired power flow. However, negative impendences will only be
observed in instances when the HVDC desired power flow is such that can only be satisfied if
power flows over the AC circuits is from South to North Scotland and through the bootstrap
to England. This will usually occur in backgrounds (or years) when generation capacity in
Northern Scotland is relatively low.

In our approach for correcting this, we adopted National Grid’s proposed approach to
calculating HVDC power flows, based on the ‘average boundary flow’ methodology.?’ We
note that there is little theoretical rationale for this approach. Nonetheless, as explained, this
methodology is also susceptible to negative impedances and we did observe this in some
years for both the SQ and Improved ICRP Year Round scenarios. As such we modified the
methodology so as to avoid negative impendences and prevent the volatility of charges that
would occur in runs where impedances are allowed to go negative.

In practice, we could have taken other approaches to apportioning power flows across the
bootstraps. This analysis therefore illustrates a choice that will be required under both the
“improved ICRP” and “status quo” charging models regarding the treatment of the HVDC
bootstraps. These choices are potentially subjective, and have the potential to influence
charges materially. It is not clear from its modelling report whether Redpoint encountered
this issue, and how it resolved it.

2.3.4. Variable scaling of conventional plant

In the peak security generation background in the “improved ICRP” charging model, output
from interconnection and intermittent generation is set equal to zero, while all other
generation capacity is “variably scaled” to meet ACS peak load.

In our modelling, we found that towards the end of the modelling horizon peak demand
exceeds the quantity of non-intermittent generation capacity installed within GB. The
implication of this finding is that, under the “improved ICRP” charging model, we need to
scale non-intermittent generation by a factor greater than one to ensure supply equals demand
in the peak security background. Hence, to implement the “improved ICRP” charging model
we had to assume that all CCGT, nuclear, pumped storage, and coal plants (etc) run at levels
of output that exceed their installed capacities.

2 Pproject TransmiT: Electricity Transmission Charging Significant Code Review Initial Report of the Technical Working

Group, September 2011.
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We find that peak demand exceeds installed, non-intermittent generation capacity because:

= To some extent, our market model relies on interconnection capacity to import power to
GB at time of peak load;

=  Some intermittent generation is producing at time of system peak, although intermittent
generators’ load factors in these conditions are low; and

=  The model sheds some load at time of system peak, as it is not efficient to construct
peaking plant to meet peak demand that only occurs in one hour per year, i.e. it is
cheaper to shed load at a cost of VOLL (€10,000/MWh) in a small number of hours.

Scaling the output of generators to a level that exceeds their installed capacity is not
necessarily a problem from a modelling point of view, and this approach still seems to adhere
to the letter of the proposed “improved ICRP” charging model. However, it illustrates a
potential problem with the “improved ICRP” charging model itself, related to its interaction
with the NETS SQSS.

The two generation backgrounds used in the “improved ICRP” charging model are identical
to those specified in the NETS SQSS. The flows across the network that occur in these
backgrounds determine the transmission capacities that the TOs are obliged by their licences
to accommodate. Hence, our modelling suggests that in the coming years the current NETS
SQSS would require that the TOs build transmission infrastructure to accommodate flows
that are technically impossible, i.e. because they could only occur if generators run above
their maximum technical capabilities.

Our modelling therefore illustrates that reform of the NETS SQSS generation backgrounds is
likely to be necessary to prevent inefficient investment patterns by the TOs. The link between
the NETS SQSS generation backgrounds and the “improved ICRP” model means that this
charging model would also require reform, and is thus unsustainable as currently proposed.

2.3.5. Load Factor Assumptions

Generators’ “improved ICRP” year-round charges are scaled by their annual load factor
(ALF). For each plant, the ALF is calculated as the average load factor achieved over a
three-year historic period.”’ For newly commissioned plants with less than three years of
historic output data, the new charging methodology will need to specify default assumptions
on the ALF parameter.

The Project TransmiT Working Group document sets out an indicative table of technology-
specific default load factors to be used in this situation.”> However, we have not used these
figures for the following reasons:

= The load factor for wind (16%) appears much lower than is typical for wind assets
connected to the GB transmission system. It is possible that this figure is intended to

2L Three years of output data, taken from the preceding 5 years, excluding the year with the highest output and the year

with the lowest output.

22 Pproject TransmiT: Electricity Transmission Charging Significant Code Review Initial Report of the Technical Working

Group, September 2011, Table IV.
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represent a commissioning load factor, but we see no reason why a commissioning load
factor should apply for three years because TEC can be, and normally is, increased
gradually as new capacity connects;

= The load factor for new nuclear plants (60%) appears significantly lower than the load
factor a new nuclear plant would expect to achieve. For example, a recent PB report for
DECC indicates a new nuclear plant would achieve 90% availability, and we would
expect it to be dispatched whenever it is available due to its high position in the merit
order; and

= Even if the load factor assumed for new CCGTs (57%) were typical for CCGTs in the GB
market at one point in time, the increasing penetration of wind, rising gas and CO2 prices,
and other market developments, are likely to alter this load factor over time. It would
therefore not be appropriate to fix one load factor for new CCGTs for the whole
modelling horizon.

On the basis that the load factors suggested in the Working Group report do not appear
sustainable, as an alternative we used the load factors emerging from our market modelling to
calculate default load factors for new plant, as well as rolling historic load factors for existing
plants.

NERA Economic Consulting 10
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3. Modelling Results

As set out above, our modelling results emerge from a process of iteration between models
that simulate investment decisions in generation capacity, investments in transmission
capacity, and future TNUOS charges.

In this chapter, we start by presenting our projections of how the wholesale market will
evolve in the period to 2030. We then present our forecasts of TNUO0S charges, the
associated locations of new generation investment, and the associated transmission system
costs (investment costs, constraints, losses). We also describe the extent of convergence
achieved through the iterative modelling exercise.

3.1. Market Modelling Results
3.1.1. Supply-demand fundamentals

Figure 3.1 and Figure 3.2 show our projections of peak demand and installed generation
capacity in the “status quo” and “improved ICRP” scenarios. While the locational investment
decisions taken by the model show some differences, as we discuss further below, these
figures show that in the market as a whole, the investment decisions taken by the model are
very similar.

Under both cases, the model starts to develop new gas-fired CCGT capacity from around
2015. This capacity is developed to replace the LCPD opted-out coal and oil plants, which
close in the period 2013-15, and a tranche of existing CCGT capacity that closes over the
same period. The CCGT capacity that closes is largely the older generation of CCGTs
constructed in the 1990s that is now reaching the end of its normal economic life. Essentially,
the model is choosing to replace this capacity, which only runs in peaks, with more efficient
new entrant CCGTSs that provide cheap energy as well as capacity to meet peak demand.

The figures also show that in both the charging scenarios, the vast majority of existing coal
plants opt out of the Industrial Emissions Directive (IED) and close by the end of 2023, after
accepting restricted running hours between 2016 and 2023 inclusive. Although the model has
the option of retrofitting these plants with selective catalytic reduction (SCR) equipment and
opting them into the IED, it chooses not to do so. This result reflects the significant growth

in the CO2 price that we assume after 2020 in line with the carbon price floor, and the
significant growth in nuclear and renewables.

To replace the existing coal plants that shut after 2023, and to meet ongoing demand growth,
the model builds a mix of new gas-fired CCGTs, new nuclear plants, and new CCS plants,
with slightly more CCS coming online before 2030 in the “status quo” case. The model
builds all the nuclear projects that we assume are available (roughly 16GW), and uses new
CCS investment to help meet the 2030 emissions target.

Renewables capacity grows over time in order to meet the 30% target between 2020 and
2030, but the model chooses not to build additional renewables capacity to meet the CO2
target.

NERA Economic Consulting 11
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Figure 3.1

Projected Supply-Demand Balance — Status Quo

Modelling Results
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Figure 3.2

Projected Supply-Demand Balance — Improved ICRP
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Figure 3.3 and Figure 3.4 show our projections of retirements across the two scenarios.
Comparison of these two figures shows that slightly more gas-fired CCGT capacity retires
towards the beginning of the modelling horizon in the “improved ICRP” case, suggesting that
the older generation of gas-fired CCGTs will struggle to cover the additional costs imposed
on them by the “improved ICRP” model, and will therefore close earlier. However, in the

long-run the two cases are similar in terms of the retirement profiles.
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Figure 3.3

Projected Cumulative Retirements — Status Quo
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Figure 3.4

Projected Cumulative Retirements— Improved ICRP
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Figure 3.5 and Figure 3.6 show the modelled production mix across the two scenarios. In
both cases, production from existing coal, gas and nuclear plants is replaced by the output

from renewables, new nuclear and new gas-fired CCGT capacity.
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Figure 3.5
Projected Production Mix — Status Quo
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Figure 3.6
Projected Production Mix — Improved ICRP
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3.1.2. Wholesale prices

Figure 3.7 and Figure 3.8 show our projections of baseload prices and clean spark spreads
across the two scenarios. As the figures show, our price forecasts are broken down into an
energy price and a capacity price, which we calculate as described in Section 2.2.1 above.
The figures show that in both cases, prices rise over time in line with our assumed growth in
commaodity prices. Also, the figures show that the CPM begins in 2015 when the model
suggests that new investment is required in gas-fired CCGTSs.

Clean spark spreads recover from their current low levels over the period to 2016 as the need
to new investment emerges. Spreads remain relatively stable until around 2025, when they
fall to less than £5/MWh. This trend of falling baseload spreads reflects the falling load
factors achieved by new entrant CCGTs, as they are increasingly displaced in the merit order
by new nuclear, renewables and CCS.

Figure 3.7 and Figure 3.8 show that the general trends in prices and spreads are similar in the
two cases. However, as we describe further in Section 3.2.3 below, the scenarios do result in
some systematic differences in prices due to differences in the costs of developing new
generation capacity.

Figure 3.7
Baseload Prices and Clean Spark Spreads — Status Quo
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Figure 3.8
Baseload Prices and Clean Spark Spreads — Improved ICRP
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3.1.3. CO2 emissions intensity

As Figure 3.9 shows, emissions from the power sector fall in both scenarios from around
400g/kWh currently to below the 100g/kWh target by 2030. When we ran the model with a
CO2 price equal to our assumed level of the carbon price floor, we projected emissions
slightly above the 100g/kWh target in both cases, so we increased the emissions price slightly
(E5/tonne) in both cases. Although this change produced emissions slightly below the target,
and with slightly lower emissions in the “status quo™ case, we considered that this projection
was sufficiently close to the target in both cases that further iteration on the CO2 price was
not required.
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Figure 3.9
Projected CO2 Emissions Intensity — Status Quo vs. Improved ICRP
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3.2. Modelled TNUoS Charges
3.2.1. Status Quo

Figure 3.10 presents the TNUo0S charges emerging from the final iteration of the “status quo”
scenario. Charges in the Scottish TNUOS zones increase over time, with steps up around
2018 and 2022 due to the construction of HVDC bootstraps to accommodate increased north-
south power flows resulting from the construction of new wind generation capacity in
Scotland. Charges in England and Wales trend downward over time, although some zones, in
particular Central London, exhibit relatively volatile charges from year-to-year.
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Figure 3.10
Status Quo TNUoS Charges (2012£/kW)
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3.2.2. Improved ICRP

Figure 3.11 and Figure 3.12 respectively show the peak security and year-round components
of “improved ICRP” charges.

Scottish peak security charges fall over time, suggesting that Scotland is increasingly short of
thermal generation in peak conditions when little wind is blowing. Peak-security charges in
England and Wales remain relatively flat.

The year-round component of the charge exhibits similar trends to the “status quo” charges;
charges in Scottish zones increase over time, while English and Welsh charges fall. The
year-round charges exhibit steps upward over time, as the HVDC bootstraps are developed.
This illustrates that the flows across these lines are highest in the year-round background,
suggesting their main role is to export generation from Scotland in windy conditions, not to
provide peak security. Hence, the “improved ICRP” model allocates the costs of these lines
to the year-round component of the charge.
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Figure 3.11

Modelling Results

Improved ICRP “Peak Security” TNUoS Charges (2012£/kW)
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Figure 3.12
Improved ICRP “Year Round” TNUoS Charges (2012£/kW)
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3.2.3. Comparison of TNUoS costs

Because generators’ liability to pay the year-round component of TNUoS charges depends on
load factor, the impact of introducing “improved ICRP” as compared to the “status quo”
depends both on location and load factor. Hence, Table 3.1 shows the impact of “improved
ICRP” on non-intermittent generators’ TNUoS charges by load factor and by zone. It shows
that generators with a low load factor in the Scottish zones (1 to 8) benefit, whereas
generators with a low load factor in southern zones see their TNUOS charges rise. Generators
with higher load factors are affected less by improved ICRP. As intermittent generators are
not liable to pay the peak security charge under the “improved ICRP” model, Table 3.2
shows the impact for intermittent plants separately.
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Table 3.1
Impact of “Improved ICRP” on Non-Intermittent Generators’ TNU0S Costs by
Zone and Load Factor in 2020 (2012£/kW)

TNUoS Zone
1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20
0% |-28 -23 -33 -27 -26 -20 -15 22 3 -2 8 8 6 7 13 4 -1 9 10 18
10% |-256 -20 -30 -24 -23 -18 -13 .19 3 -2 7 7 6 6 12 2 -1 8 9 17
20% |-22 -17 -26 -21 -21 -16 -12 -17 3 -2 7 7 5 5 11 1 -2 7 8 16
g 30% |-20 -15 -23 -18 -18 -14 -10 -15 3 -1 6 6 5 5 10 0 -2 6 7 14
§ 40% |-17 -12 -20 -16 -16 -12 -8 -13 2 -1 5 5 5 4 9 -2 -2 5 6 13
L% 50% |-14 -9 -16 -13 -14 9 6 -10 2 0O 5 5 4 4 8 -3 -3 4 5 12
E 60% |-11 -7 -13 -10 -11 -7 5 -8 2 0 4 4 4 3 7 -4 -3 3 4 11
9 70 |8 4 10 8 9 5 3 6 2 1 4 4 3 3 7 5 -3 2 3 10
80% (5 -1 6 5 6 -3 1 3 2 1 3 3 3 2 6 -7 4 1 2
90% (3 1 3 2 4 -1 0 -1 2 2 2 2 2 1 5 -8 4 0 1
100(0 4 1 0 -2 1 2 1 2 2 2 2 2 1 4 -9 4 -1 0 6

Source: NERA/Imperial. Note: figures in table calculated as: Improved ICRP Peak Security charge,
plus Residual charge, plus Year Round charge x load factor, less Status Quo charge. All charges in
pounds per kW of capacity.

Table 3.2
Impact of “Improved ICRP” on Intermittent Generators’ TNUoS Costs by Zone
and Load Factor in 2020 (2012£/kW)

TNUoS Zone

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20

0% |-27 -22 -32 -25 -24 -19 -16 -19 2 4 7 7 6 7 9 11 3 11 10 15

10% |-24 -20 -28 -22 -21 -17 -14 -17 2 -3 6 6 5 7 8 10 2 10 9 14

20% |-21 -17 -25 -20 -19 -15 -12 -15 2 -3 5 5 5 6 7 8 2 9 8 12

g 30% |(-18 -14 -22 -17 -16 -13 -11 -12 2 -2 5 5 5 6 7 7 2 8 7 11
o 40% |-16 -12 -18 -14 -14 -11 -9 -10 2 -2 4 4 4 5 6 6 1 7 6 10
E 50% |-13 9 -15 -12 -12 9 -7 8 2 -1 3 3 4 4 5 5 1 6 5 9
-Lé 60% (-10 6 -12 9 9 -7 5 6 2 -1 3 3 3 4 4 3 1 5 4 8
S 70% | -7 4 8 6 -7 4 4 3 2 0 2 2 3 3 3 2 0 4 3 6
80% (4 -1 5 3 4 -2 2 1 2 O 1 1 2 3 2 1 0 3 2 5

20% (-1 2 -1 -1 -2 0 O 21 1 1 1 1 2 2 1 -1 0 2 1 4
100%|2 4 2 2 0 2 1 3 1 1 O O 2 2 O -2 -1 1 O 3

Source: NERA/Imperial. Note: figures in table calculated as: Improved ICRP Residual charge, plus
Year Round charge x load factor, less Status Quo charge. All charges in pounds per kW of capacity.

These changes mean that wind farms see a considerable reduction in TNUOS costs or
payments under “improved ICRP”, but the higher year-round charges in Scotland mean they
will still face higher TNUOS costs in Scottish zones than in English or Welsh zones, as Figure
3.13 illustrates. While we would expect this discount to make wind farms more likely to
locate in Scotland relative to the “status quo”, their locational decisions depend on the
availability of sites, as well as a trade-off between the TNU0S costs and wind speeds that
limits the change in wind generators’ locational decisions in response to changes in TNUOoS.
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Similarly, a new gas-fired CCGT running at a mid-merit load factor (60%) would also see a
reduction in TNUoS costs or payments under “improved ICRP”, but will still tend to face
lower TNUOS costs in England or Wales than in Scotland, as Figure 3.14 shows.

Figure 3.13
TNUoS Costs Faced by a Wind Farm Running at a 30% Load Factor in 2020, by
TNUOS Zone (2012£/kW)

TNUoS Zone

H Status Quo M Improved ICRP

Source: NERA/Imperial
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Figure 3.14
TNUoS Costs Faced by a CCGT Running at a 60% Load Factor in 2020, by
TNUOS Zone (2012£/kW)

20 b
TNUoS Zone

H Status Quo B Improved ICRP

Source: NERA/Imperial.
3.3. Locational Investment Decisions

As Figure 3.15 shows, the patterns of non-wind generation investment are similar across the
two scenarios. The model develops plants at all the new nuclear sites, with other investment
in gas-fired CCGTs spread around England and Wales. The model does not predict any new
thermal investment in Scotland. Over the modelling horizon, the distribution of existing
generation capacity around the system also changes slightly because of differences in
retirement decisions. Figure 3.16 shows the locations of existing generators (i.e. those that
are already online today) for the year 2020. It shows that the model closes more CCGT
capacity in the south east and midlands in the “improved ICRP” case, as compared to the
“status quo”.

Figure 3.17 shows that “improved ICRP” causes around 600MW less wind investment to take
place in England and Wales, which essentially moves to Scotland. It also causes some
movement of wind within Scotland between onshore and offshore projects. For instance,
some capacity moves from Scottish offshore projects to the Scottish islands.

In contrast to Figure 3.17 which shows all wind capacity including that which is currently
online or under construction, Figure 3.18 shows only the breakdown of wind projects selected
by the model. It also illustrates how installed wind capacity in Scotland grows more quickly
in the “improved ICRP” scenario.
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Figure 3.15

Locational of New Generation Investments by 2030 (Excl. Wind) - Status Quo vs. Improved ICRP
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Figure 3.16
Location of Existing Generation Capacity in 2020 (Excl. Wind) - Status Quo vs. Improved ICRP

Source: NERA/Imperial
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Figure 3.17
Locational of Wind Generation in 2030 - Status Quo vs. Improved ICRP

Source: NERA/Imperial
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Figure 3.18

Locational of Wind Generation Selected by the Model - Status Quo vs. Improved ICRP

Modelling Results
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3.4. Transmission System Costs

Because the “improved ICRP” charging model results in renewable generation capacity
locating further north, it tends to increase constraint and reinforcement costs, as well as
transmission losses due to increased north-to-south power flows.

Changes in the TOs’ Maximum Allowed Revenue (MAR), as shown in Figure 3.19, reflect
the change in annualised transmission investment costs predicted by the model due to
“improved ICRP”. The chart shows that, because the model develops an additional bootstrap
in the “improved ICRP” scenario in 2022, investment costs are higher under “improved
ICRP”.

Figure 3.19
TO Maximum Allowed Revenue (2012 £Mn) - Status Quo vs. Improved ICRP
1
3,500 -
3,000 -
< 2,500 |
=
& 2,000
L)
8
1,500 -
000 e
500 |
0 —
O 4 NN o < 1N W ~©C o0 O 4 NN M < 1N WM~ o O
o o A d A d A d d d NN N o
o O O O 0O 0O O O O O O O O O O O o O O O O
NN NN NN AN N NN NN NN NN NN NN NN NN
—Status Quo =——Improved ICRP

Source: NERA/Imperial

Constraint costs, as shown in Figure 3.20, are higher in some years under “improved ICRP”,
and lower in other years. This variation occurs because, in our modelling framework, the
level of constraint costs is determined by the marginal costs of reinforcing the network, rather
than the volume of reinforcement required. This is the case because our DTIM model builds
transmission investment capacity optimally, up to the point where the marginal cost of
constraints is equal to the marginal cost of reinforcement. If we assumed sub-optimal
transmission investment, e.g. due to planning delays, we would expect to see larger
differences in total transmission system costs (constraints plus investment) as a result of
“improved ICRP”.
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Figure 3.20
Constraint Costs (2012 £Mn) - Status Quo vs. Improved ICRP
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Transmission losses, as shown in Figure 3.21, increase because more power is transported
from north to south under “improved ICRP”, as more wind generation is located in Scotland.

Figure 3.21
Transmission Losses (TWh) - Status Quo vs. Improved ICRP
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3.5. Convergence

In most TNUoS zones, modelled TNUOS charges and investment decisions equilibrated to
relatively stable levels after around five iterations of the model. However, we still observed
some ‘flipping’ of investment between Scotland and England and Wales, in response to shifts
in TNUOS charges in Scottish zones between iterations.

3.5.1. Improved ICRP

In the “improved ICRP” case, as Figure 3.23 illustrates, we see some instability in CCGT
investment, with around 2 GW of capacity moving between Scotland in the penultimate run,
and England and Wales in the final run. This movement occurs because of shifts in the peak
security component of the “improved ICRP” charge from run to run, as Figure 3.22 shows.
We see flipping because high peak security charges in Scotland deter investment in thermal
capacity, which creates a shortage in Scotland of production relative to peak demand in low
wind conditions. As a result, peak security TNUOoS charges fall sharply, which again attracts
investment in CCGTs in Scotland. This circular process continues from run-to-run.

In the “improved ICRP” case, we see relatively little movement in renewable generation
patterns from run-to-run, as Figure 3.24 illustrates.

Figure 3.22
Improved ICRP Peak Security Charges (2012£/kW) — Improved ICRP, Final vs.
Penultimate Iteration

Penultimate Iteration Einal Iteration
20 20
North Scotland North Scotland
15 15
10 = Peterhead 10 — Peterhead
Po= 3
5 = Western Highland 5 '?/\\ = \Western Highland
& Skye 4 & Skye
0 0 - AN
= Central Highlands NoNN NN Mo ——Central Highlands
5 5 =~ T =~ = R B ®
e Argyll e Argyll
: Stirlingshire R | — Stirlingshire
15 15
-20 -20

Source: NERA/Imperial

NERA Economic Consulting 30



Project TransmiT: Modelling the Impact

of "Improved ICRP"

NERA Economic Consulting

Figure 3.23
Locational of New Generation Investments by 2030 (Excl. Wind) — Improved ICRP, Final vs. Penultimate Iteration

Source: NERA/Imperial
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Figure 3.24
Locational of Wind Generation by 2030 — Improved ICRP, Final vs. Penultimate Iteration

Source: NERA/Imperial
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3.5.2.

Status Quo

Modelling Results

As Figure 3.25 illustrates, modelled TNUoS charges after 2020 in the “status quo” case are
relatively stable. However, charges between 2015 and 2018 show instability from run-to-run,
which drives some instability in investment patterns with a small amount of CCGT capacity
and some wind capacity moving between Scotland and England and Wales from run-to-run,
as Figure 3.26 and Figure 3.27 illustrate.

Figure 3.25

Status Quo TNUoS Charges (2012£/kW) —Final vs. Penultimate Iteration
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Figure 3.26
Locational of New Generation Investments by 2030 (Excl. Wind) — Status Quo, Final vs. Penultimate Iteration
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Figure 3.27
Locational of Wind Generation by 2030 — Status Quo, Final vs. Penultimate Iteration

Source: NERA/Imperial
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3.5.3. Implications

In both the “status quo” and “improved ICRP” scenarios, we see some ‘flipping’ of
generation between Scotland and the rest of Britain from run-to-run, which occurs
because TNUOS charges are highly sensitive to relatively small changes in generation
capacity in Scotland. Our analysis suggests that this significant instability in charges
results from the high sensitivity of transmission charges to the timing and scale of
development of the HVDC links. In particular, relatively small increases in generation
capacity in Scotland can require extra HVDC links, which then affect charges.

However, given the range of equilibria emerging from our modelling work, the
scenarios in which investors choose to develop relatively more capacity in Scotland
do not appear credible, as the presence of this additional generation dramatically
increases TNUOS charges. Moreover, even if some extremely small amount of
additional capacity could locate in Scotland in response to low TNUoS without
dramatically increasing charges, the volatility of Scottish charges, and the risk it
imposes on Scottish generators, would tend to deter this additional investment in
Scottish generation capacity.

Our final results for both the “status quo” and “improved ICRP” cases are therefore
based on the scenarios where relatively little thermal investment takes place in
Scotland, despite low TNUOS charges. This effectively assumes the risk imposed by
volatile Scottish TNUo0S charges will deter some marginal investments from locating
in Scotland, and relocates them to England and Wales.

3.6. Conclusions

The results set out above show that “improved ICRP” significantly reduces TNUoS
charges for low load factor plants in Scotland as compared to the “status quo” model,
and significantly increases charges for low load factor generators in England and
Wales. Plants that run at higher load factors are affected less. We estimate that the
impact of “improved ICRP” will be to increase the amount of new wind generation
capacity that locates in Scotland as compared to England and Wales, although the
impact on the locational investment decisions by thermal plants is smaller. Our
analysis shows that locating a greater proportion of generation capacity towards the
north of the country increases transmission system costs.

The iterative process we implemented to obtain these results illustrates the significant
sensitivity of Scottish TNUOS charges to changes in the quantity of installed
generation capacity in Scotland. Our analysis suggests this occurs due to the
treatment of the sensitivity of the number of bootstraps required to small changes in
the amount of generation locating in Scotland.
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4. Welfare Analysis

4.1. Summary of Welfare Effects
4.1.1. Impact on social welfare

Table 4.1 shows the welfare effects we estimate from our comparison of the “status
quo” and “improved ICRP” charging models. The table shows that introducing the
“improved ICRP” model would increase transmission system costs by £1.2 billion
over the period to 2030, but reduce other power sector costs (e.g. the costs of
developing and operating generation assets) by around £1.1 billion. Hence,
“improved ICRP” causes a net increase in power sector costs of £0.1 billion. This
reduction in power sector costs proxies the improvement in overall social welfare
caused by “improved ICRP”.

Table 4.1
Effects of Introducing Improved ICRP
2014-2020 2021-2030 Total

Impact on Consumers

Power Purchase Costs 8,282 6,632 14,913

Low Carbon Subsidies -317 155 -162

D-TNUoS -55 544 488

Constraints 195 -166 30

Losses -43 642 599
Total 8,061 7,807 15,868
Power Sector Costs

Generation Costs -244 -828 -1,071

Transmission Investment -65 640 574

Constraints 195 -166 30

Losses -43 642 599
Total -157 289 132

Source: NERA/Imperial. Note, a positive number indicates an increasing cost following
the introduction of “improved ICRP”. NPVs calculated between 2014 and 2030, using a
real discount rate of 3.5%. We assume 2014 is the earliest point from which “improved
ICRP” could be implemented.

4.1.2. Impact on costs to the consumer

Although social welfare only falls slightly under “improved ICRP”, Table 4.1 also
shows that it would increase costs to consumers by around £16 billion in NPV terms
over the period to 2030. Around £1.1 billion of this impact is due to increases in D-
TNUOoS, as well as constraint costs and losses, which we assume are passed through
directly to consumers. However, the largest component of this impact is the increase
in wholesale power purchase costs.

As described in Chapter 2, our model simulates the evolution of a competitive
wholesale electricity market, taking account of the impacts of various government
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policies. Within this framework, our model also ensures that investments in new
nuclear, CCGT and CCS generation capacity can be remunerated through wholesale
power prices by simultaneously optimising generation investment and conducting a
full chronological dispatch. This means that power prices will tend towards the level
required to cover the costs of new entry into the power market.

For most of the modelling horizon, the marginal source of new entry into the market
is gas-fired CCGTs. As they run at mid-merit load factors, the “improved ICRP”
charging model increases their costs by between £1 and £16 per KW per year,
depending on their precise load factor and the zone in which they connect to the
transmission system.?® This converts into an additional cost of between £0.5 and £6
per MWh of production, which generators need to recover through wholesale power
prices, if they are to enter the market.

In other words, in a competitive power market, long-run prices are determined by the
long-run marginal cost of new entry. The “improved ICRP” charging model allocates
a greater share of costs to the category of generation that is likely to provide the
marginal source of new entry into the GB market in the next decade or so (i.e. gas-
fired CCGTs), and therefore materially increases long-term power prices.

Accordingly, as Figure 4.1 shows, our model predicts that wholesale power prices
increase over the modelling horizon as a result of “improved ICRP”.

Figure 4.1
Baseload Prices (Energy + Capacity) — Status Quo vs. Improved ICRP
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2 Based on TNUO0S charges in 2020, and calculated using the data in Table 3.1. The range covers load factors

between 30% and 60%, reflecting CCGTs’ mid-merit load factors, and covers all zones in England and Wales.
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4.2. Conclusions

Our analysis suggests that “improved ICRP” would increase power sector costs, a
measure of net welfare, slightly in NPV terms. Moreover, despite the relatively small
impact on power sector costs, our analysis suggests that costs to consumers would
increase materially because “improved ICRP” would allocate a greater share of
transmission system costs to new entrants by reducing the value derived from locating
in zones with negative TNUO0S charges. In equilibrium, these marginal costs of new
entry need to be recovered through power prices, and so long-term power prices
increase as a result.
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5. Conclusions

The role of locational TNUOS charges is to promote the efficient use of the
transmission system. If changes to the transmission charging regime improve the
efficiency of network usage, we would expect total power sector costs to fall as a
result, and thus increase social welfare. In practice, our market and transmission
system modelling suggests that “improved ICRP” would reduce social welfare, which
suggests it does not promote a more efficient use of the transmission system.
Moreover, introducing “improved ICRP” would materially increase costs to the
consumer due to its effect on power prices.

Moreover, by implementing changes to the current transmission charging regime that
do not deliver demonstrable improvements in economic efficiency, Ofgem may
increase investors’ perception that the new regime will have a limited lifespan.
Generators cannot predict these changes and they cannot protect themselves against
the effects of such changes, except by maintaining a diversified portfolio of
generation. Removing the “status quo” charging model may therefore undermine the
incentives provided by the transmission charging regime.

Finally, in addition to the evidence presented in this report, we see fundamental
problems with the design of the “improved ICRP” charging model. Evidence
presented in a recent NERA report suggests that “improved ICRP” charges would not
accurately reflect the costs that generators impose on the transmission system,
suggesting it might not improve the efficiency of transmission network usage.?*

Overall, therefore, the modelling presented in this report does not support the
introduction of the “improved ICRP” model as currently proposed.

24 Project TransmiT: Ofgem's Assessment of Options for Change: A Review Prepared for RWE npower, NERA

Economic Consulting, 14 February 2012.
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Appendix A. Comparison with Redpoint’s
Renewables Investment Patterns

A.1. Differences in Locational Investment Decisions

Our analysis suggests that the introduction of the “improved ICRP” charging model
would result in around 1,400MW less wind caEacity in England and Wales with a
similar increase in wind capacity in Scotland.?®> The impact of this shift is to increase
transmission system costs by £1.2 billion in NPV terms by 2030 due to the increased
need for north-south reinforcement and higher losses. In contrast, the recent
modelling conducted for Ofgem by Redpoint found that “improved ICRP” results in
an additional 5,390MW of wind investment in Scotland as compared to the “status
quo”, with a reduction of 1,935MW in England and Wales. As well as forming our
own independent view on the likely impact of the “improved ICRP” model, RWE has
asked us to examine the reasons why we find a smaller impact on the locational
decisions taken by wind developers.

A.2. Explaining Differences in Locational Decisions

Following a series of sensitivity tests, we established that a key driver of the change in
wind generators’ locational investment decisions in response to “improved ICRP” is
the assumed regional variation in load factors. We ran a sensitivity in which we
adopted Redpoint’s load factor assumptions for new wind investment, taking TNU0S
charges as given in the final iterations of our model (see above). We found that when
replacing our load factor assumptions with Redpoint’s assumptions, around 6.5GW
less wind investment took place in England and Wales, and 5GW more took place in
Scotland due to the introduction of “improved ICRP”, as Figure A.1 illustrates.

% Includes both onshore and offshore wind capacity.
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Figure A.1
Wind Locational Investment Decisions — Redpoint Load Factor Assumptions

Source: NERA/Imperial and Redpoint
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As Figure A.2 shows, we assume considerably more regional diversity in onshore wind load
factors than Redpoint assumes. As our figures are tied to the actual outputs of existing wind
farms, Redpoint may be understating the true regional diversity of wind speeds. For offshore
wind sites, Redpoint assumes no variation in wind load factors at all, as Figure A.3 shows,
whereas our offshore wind load factors are tied to regional variation in wind speeds.
Redpoint therefore also appears to underestimate the regional variation in offshore load
factors.

Figure A.2
NERA/Imperial vs. Redpoint Load Factor Assumptions - Onshore Wind
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Figure A.3
NERA/Imperial vs. Redpoint Load Factor Assumptions - Offshore Wind
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A.3. Conclusions

Taking as given the range of available sites for new wind development, the locational
investment decisions taken by wind generators depend primarily on a trade-off between
expected wind speeds and any operating and development costs that vary by location, of
which grid costs (i.e. TNUOS) is the most significant. By assuming too little regional
variation in wind speeds, therefore, wind generators in Redpoint’s model will simply locate
in the areas where TNUOS charges are lowest. Changes in TNUoS will therefore have an
exaggerated effect on locational investment decisions, which suggests Redpoint may have
overestimated the change in regional investment patterns that occurs because of “improved
ICRP”.
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Appendix B. Generation Assumptions

B.1. Commodity Prices

For the first three years of our modelling horizon, we base our forecasts of commodity prices
on quoted forward prices, using a 30 March 2012 information date. We then interpolate
prices between the end of the liquid forward curve and the long-run level forecast by the IEA
in its World Energy Outlook, “new policies” scenario.

Figure B.1
Commodity Price Forecasts
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B.2. Thermal Efficiencies

We defined our assumptions regarding the thermal efficiencies of existing thermal generators
in GB from our analysis of historic CO2 emissions and power production.®®

For gas-fired CCGTs, we have found a strong correlation between efficiencies and the age of
the unit (see Figure B.2) reflecting, amongst other things, technological progress in CCGT
technology. Given the noise in the dataset, we started with PB’s estimate of the efficiency of

% Qur analysis used CO2 emissions and power production data between 1998 and 2003 from the UK National Allocation
Plan databases.
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a new entrant CCGT (54%, HHV sent-out), and we used the slope of the line shown in Figure
B.2 to define the differences in efficiencies between different generations of gas-fired
CCGTs.”’

Figure B.2
Efficiencies of GB CCGT Plants
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Source: NERA/Imperial Analysis

We used the same method to estimate the efficiencies of coal fired generators, except rather
than using the PB estimate as the benchmark, we used the efficiency of Drax, which we
estimate is the most efficient coal plant on the GB system. For other technologies, we
assigned each unit a “generic” efficiency for each technology, which we will define using the
NAP emissions and power production database, or PB (2011).

B.3. Dynamic Constraints and Unit Commitment Costs

We used data from the Balancing Mechanism Reporting System (BMRS) to define
assumptions on GB generators’ dynamic constraints (minimum up/down times and minimum
stable generation).

Our model also requires data on the start-up costs, and in particular the fuel consumed during
start-up. To estimate the fuel consumed during start-ups for each generation technology
installed in GB, we used the “validated” dataset published each year by the regulatory
authorities in the Republic of Ireland and Northern Ireland. Our assumptions for existing
CCGTs, coal and oil-fired STs and OCGTs reflect the average of all plants using these
technologies that are currently installed on the Irish system.

Following the assumptions in Mott MacDonald (2010),?® we assumed that any new CCGTs
built in GB will be configured as multiple units of single shaft blocks (1 GT coupled on the

21 Electricity Generation Cost Model - 2011 Update, Revision 1, DECC, August 2011, Parsons Brinckerhoff.
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same shaft to 1 ST), and the characteristics we assumed for new CCGTs are based on a
similar unit already installed on the Irish system. We understand that this configuration
provides more flexibility than alternatives, and may be desirable in the face of the expected
growth in intermittent generation.

B.4. Outage Rates
We applied the following outage rates to existing thermal generators in the British market:

= For existing coal-fired power stations, we assumed an average planned outage rate of
14% and an average forced outage rate of 9%, based on our analysis of the performance
of a range of GB coal plants. Our total outage rate assumptions for GB coal plants ranges
from 10% to 34%, depending principally on the age of the plant;

= For CCGTs, we assumed a planned outage rate of 7% and a forced outage rate of 3%
based on data from the North American Electric Reliability Council (NAERC); and

= For OCGTs, we assumed a planned outage rate of 4% and a forced outage rate of 3%
based on data from the NAERC.

B.5. Operating, Maintenance and Development Costs

We take upfront construction and ongoing operating costs for thermal generation capacity
from the PB report for DECC. However, we have deviated from the PB assumptions in the
following respects:

= Network Charges: We took existing gas transmission charges from National Grid’s
latest charging statement. We used the DTIM and TNUoS charging models to predict
TNUOoS charges, as described in Section 2.1.

= Business Rates: We defined assumptions on the business rates paid by power generators
in light of discussions we held with the Valuation Office Agency (VAO). We understand
from these discussions that coal-fired generators pay business rates of between £7-9/kW,
gas-fired generators pay between £9-10/kW and wind generators pay around £25/kW.

= Land Costs: Mott McDonald’s analysis excludes the cost of land used for power
generation. We therefore estimated the cost of industrial land using data from the VAO,?
and added the rental charges to annual fixed O&M costs. We assumed that a 2,000MW
coal plant would require 1 square kilometre of land, and that an 800MW CCGT would
require 0.2 square kilometres of land.*® We scaled these land requirements by the
installed capacity of each generator.

= Biomass Co-firing: In addition to the costs of procuring coal and operating a coal plant,
some existing coal-fired generators may face additional costs and earn revenues as a
result of co-firing biomass. In the long-run we assumed that subsidy mechanisms, such as

3 Electricity Generation Cost Model - 2011 Update, DECC, June 2010, Mott MacDonald.

2 See slide 14 of our kick-off meeting presentation.

% To derive this assumption, we examined aerial photographs of several existing GB generators to estimate approximate

land requirements.
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the RO, will be structured to provide coal generators with a payment that only just
incentivises them to co-fire biomass with coal. Hence, for modelling purposes we
assumed that the net impact on their O&M costs from co-firing biomass will be zero.

B.6. Regional Resource Caps

We defined caps on the availability of sites for conventional generation investments. The

aim of this assumption is to reflect constraints on the availability of land and cooling water
for use by power generators. We defined caps for each zone by examining the list of
generation projects, and the scheduled generator closures set out in the TEC register. We
then assumed that for each MW of existing coal or oil-fired capacity that closes, 2 MW of
new CCGT or OCGT capacity could be developed in its place. We set this ratio equal to 1.25
MW for existing CCGT capacity that closes. However, we assumed that a minimum of 1,000
MW of capacity could be developed in every zone. This process results in caps on the
development of new conventional generation capacity as shown in the table below.

Table B.1
Caps (MW) on New Conventional Generation by Zone
Zone Cap (MW)
1 1000
2 1000
3 1000
4 1000
5 1000
6 1000
7 2378
8 1000
9 3936
10 2020
11 1000
12 1000
13 5301
14 4718
15 1435
16 1000
17 14889
18 5241
19 3072
20 1000

Source: NERA/Imperial.
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Appendix C. Renewables Assumptions

To define inputs into our renewables investment model, we defined assumptions on the costs
of developing and operating onshore and offshore wind generators, which we summarise in
this appendix.

C.1. Onshore Wind
C.1.1. Costs

We take cost estimates for onshore wind construction and operating costs from Arup’s 2011
study for DECC. As in our 2011 report, and to avoid double counting, we subtract grid costs
from this cost estimate, as these are estimated separately through our transmission system
modelling. We use Arup’s “medium” cost scenario, and take its cost estimates for turbines
between 50kW and 5SMW. In 2010, this means we would use a capital cost of £1,548/kW,
and an annual O&M cost of £47.6/kW.*!

C.1.2. Load factors

The starting point for our load factor assumptions within each region are the load factors
achieved by the existing wind farms registered to receive support under the RO, which we
obtained from the Ofgem e-serve website. We mapped each existing plant in this database to
a SYS planning zone, and then examined the statistical distribution of load factors achieved
historically within each zone. We then split the available wind resource in each zone (see
Section C.1.3) into five equally amounts of potential future wind capacity, which we allow
our renewables investment model to develop if they are profitable.

Each of the five tranches of capacity in each zone differs according to its load factor. We
assume that the category of wind plant with the highest load factor in each zone runs at the
load factor achieved by the top 20% of existing wind capacity in that zone. The second
category of wind plant in each zone has a load factor defined by the wind farms ranked
between 40% and 20% according to their historic load factors, and so on.

This approach assumes that we have variation in load factors across zones, and variation in
load factors within zones, with load factor assumptions tied to historic production data. The
final stage is to ‘shift’ our zonal load factor assumptions to achieve an average load factor
across the country of 28.6%, based on Arup (2011). The resulting load factors are shown in
Figure C.1.

The only exception to this approach are for the Scottish Islands, where we take load factor
assumptions from a study by Econnect (2008).*>

3L Arup, Review of the generation costs and deployment potential of renewable electricity technologies in the UK, Study

Report REP001 — Final, Updated October 2011, Tables 7 and 8.

¥ Project: 2116 validation of Relative Economics of Wind Farm Projects in the Scottish Islands’ study, Technical note 02,

Prepared for BERR, Econnect Consulting, 31 March 2008.
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Figure C.1
Wind Resource by Region
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C.1.3. National build rates and resource potential

Arup’s report provides estimates of the UK’s onshore wind resource potential out to 2030.
We adopted Arup’s medium scenario to define caps on the total onshore wind resource in our
modelling. Hence, by 2020 our model is able to develop up to 10,880MW of onshore wind
capacity, which rises to 17,330MW by 2030 as Figure C.2 illustrates.

Figure C.2
Arup Onshore Resource Potential Estimates
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Source: Arup (2011), Figure 9.

We split this total UK onshore resource potential between England, Scotland, Wales and
Northern Ireland, based on Arup’s projections. Within each of these regions, we then use the
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same division of resource potential between transmission zones as we used in our previous
study, which was based on the data from SKM (2008) shown in Figure C.3.

Figure C.3
Wind Resource by Region
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C.2. Offshore Wind

C.2.1. Turbine, tower and foundations costs
The costs of developing offshore wind turbines fall into the following main categories:

= Infrastructure and grid connection costs;

The cost of turbines and towers;
= Foundations costs; and

= Licensing and planning costs.

% Growth Scenarios For UK Renewables Generation And Implications For Future Developments And Operation Of

Electricity Networks, BERR Publication URN 08/1021, SKM, June 2008. Figure 4.2.
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Having conducted a review of published literature on the costs of developing new wind
generation capacity and through our discussions with RWE, we understand that the costs of
turbines and towers and licensing and planning do not differ significantly with the distance
from shore or the depth of the seabed. However, foundations costs depend mainly on seabed
depth, and infrastructure and grid connection costs depend largely on distance from shore.

We take cost information from Arup (2010), based on its “medium” cost estimates. For
Round 3 sites, this provides an estimate of the upfront construction costs of £2,825/kW in
2010, although this falls over time, reaching £2,211/kW by 2020. Round 3 annual O&M
costs are £169/kW, falling to £132/kW by 2020.

Because the “round 1 and “round 2” sites are all relatively close to shore, and hence we
assumed they are all in areas with a relatively shallow seabed, we do not make any further
adjustments to Arup’s cost estimates of turbine, tower and foundations costs. However, the
depth and distance from shore of the “round 3” sites differ considerably across the various
proposed developments.

Therefore, we adopt the same procedure as in our 2011 study, where we construction costs by
£9/kW/metre of seabed depth either above or below this level, corresponding to the slopes of
the lines in Figure C.4.%*

Figure C.4
Seabed Depth vs. Foundation Cost
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Source: NERA/Imperial Analysis of data from Ramboll*®

We recognise some statements from the wind generation industry that indicate costs may
increase substantially when developing offshore wind sites in water depths beyond 30 metres,
and that beyond a certain water depth, it may become more efficient to build floating wind

%  Calculated on the basis of foundation costs by Ramboll (2009) for “jacket and monopole” foundations.

% Kriegers Flak Offshore Wind Farm, Jacket and Monopile Foundation Study 2008-2009, March 2009.
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turbines, rather than turbines with fixed foundations. For instance, the British Wind Energy
Association states on its website that:*

“Although it is possible to build structures in water deeper than 30 m (for
example the oil platforms in the North Sea), it is very expensive and is not
economically viable at present for offshore wind turbines.

Wind speeds tend to increase as you move offshore. This means that turbines
built further offshore should capture more wind energy. Unfortunately, as the
distance to land increases, the cost of building and maintaining the turbines
and transmitting the power back to shore also increase sharply, limiting the
distance out to sea at which offshore wind projects will be built.”

However, at present we do not have any firm evidence regarding the scale of the cost increase
that occurs beyond 30 metres, and in particular, we have no firm evidence that the cost
increase (as a function of water depth) is more than the £9/kW/metre we used previously.

For example, a study by the “SEAWIND — Altener project” assumes that the cost increase per
metre of incremental water depth is 2%, both in waters shallower than or deeper than 30
metres.®” Hence, this study does not contradict our assumption that there is no step-change in
costs beyond 30 metres of depth.

C.2.2. Infrastructure costs

The £/kW/year costs for each offshore project that we consider are summarised below:

% http://www.bwea.com/offshore/fags.html#limit

37 Offshore Wind Energy Projects Feasibility Study Guidelines, SEAWIND - Altener Project 4.1030/2/01-103/2001, Per
Nielsen, EMD Ver. 3.0 June 2003, page 10.
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Table C.1

Offshore Transmission Investment Costs

Tariff (E/kW/year)

Docking Shoal
Race Bank
Humber Gateway
Triton Knoll
Westermost Rough
Dudgeon

London Array I
Gwynt y Mor

West of Duddon Sands
Bristol Channel
Dogger Bank

Firth of Forth
Hastings

Hornsea

Irish Sea

Moray Firth

Norfolk Bank

West of Isle of Wight
Argyll Array
Beatrice

Forth Array

Inch Cape

Islay

Kintyre

Neart na Gaoithe
Solway Firth

43
101
88
54
33
34
59
64
80
38.84
166
61
35.24
95
61
61
62
36.34
29.05
37.1
42.1
37.91
16.1

61
11.3

Source: National Grid

A.1.1.Load factors

Appendix C

For offshore wind, we use the same approach as in our 2011 study to estimate the variation in
wind load factors amongst offshore development zones. Specifically, we converted estimates
of wind intensity for each area into a load factor, using data from the “wind atlas” in Figure
C.5. However, for this updated exercise, we calibrated the function we use to convert wind
speed to load factor to ensure that on average, wind sites achieve a load factor of 37.7%,

based on the Arup (2011) assumption.®

% Arup (2011), Appendix F.
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Figure C.5
GB Wind Speed Atlas
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A.1.2.Capacity and resource potential

We take the detailed regional resource potential schedule set out in Arup’s medium scenario,
as follows:*

=  We assume that the Round 1 schemes will be fully developed during 2012;

We allow the model to fully develop Round 2/2.5 schemes by 2018;

Scottish Territorial Waters (STW) schemes can be developed by the model by 2026; and

http://Amww.renewables-atlas.info/downloads/documents/Renewable_Atlas_Pages_A4_April08.pdf
°  Arup (2011), page 36.

N
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= Round 3 schemes can be deployed by the model by 2030.

We apply an attrition factor of 20% to Round 3 and STW schemes, and 7% to Round 2/2.5,
which Arup calculates based on findings from existing developments. As Figure C.6
illustrates, this results in approximately 18GW by 2020 of offshore wind capacity that the
model can develop if it is economic, rising to 41GW by 2030.

Figure C.6
Arup Onshore Resource Potential Estimates
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Source: Arup (2011), Figure 19.
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Appendix D. Forecast TNUoS Charges

Table D.1: Generation TNUoS Charges (2012 £/kW/yr) — Status Quo

2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030

North Scotland 21.74 23.27 2537 2439 1993 17.96 27.46 28,59 29.77 29.12 4572 46.01 46.13 46.03 4594 45.68 4560 43.00 45.50
Peterhead 20.02 21.65 23.44 19.88 1541 1352 2290 24.14 2536 24.69 47.12 4751 47.42 4642 46,52 4599 46.11 44.26 46.45
Western Highland & Skye 21.71 2450 29.45 29.18 2477 22.62 3238 33.50 3476 34.16 48.62 4893 49.21 4924 49.17 49.08 49.19 46.20 47.85
Central Highlands 17.39 1935 2231 2219 17.75 1565 26.08 26.76 27.81 2732 37.38 37.61 3816 3854 3840 3865 39.22 3535 3550
Argyll 14.11 16.58 17.70 18.78 14.33 15.77 25.72 25.62 26.46 26.34 33.22 3359 3469 3514 3523 3582 36.85 3208 32.25
Stirlingshire 14.09 16.22 1737 1853 1400 1225 2174 2152 2231 2213 3056 3091 3165 3195 31.87 3217 3324 2924 29.16
South Scotland 1271 15.02 1523 16.62 1217 1053 1815 1812 18.68 1859 21.94 2225 2290 23.48 2319 23.02 2400 20.84 21.08
Auchencrosh 10.67 13.66 15.18 16.56 12.52 1240 2232 2220 22.10 2391 27.81 2819 2951 30.62 3052 3182 3280 27.79 28.50
Humber & Lancashire 58 728 735 845 393 244 040 044 04 005 -160 -136 -115 -3.01 -2.66 -213 -1.22 -112 -0.76
North East England 822 1029 938 1162 709 505 643 643 661 613 256 280 3.18 194 200 1.58 1.83 055 1.72
Anglesey 723 88 907 870 439 222 -362 -352 -370 -405 -512 -4%9% -48 -963 -9.06 -811 -715 -5.63 -579
Dinorwig 648 805 833 891 459 242 -363 -353 -370 -405 -512 -49 -5.28 -10.14 -9.63 -871 -7.76 -6.23 -6.39
South Yorks & North Wales 448 538 557 6.03 158 -0.20 -3.03 -29 -3.00 -261 -469 -444 -398 -6.48 -6.12 -564 -523 -449 -431
Midlands 227 322 340 416 -028 -1.77 -439 -424 -440 -497 -572 -543 -506 -297 -252 -203 -220 -214 -221
South Wales & Gloucester 193 374 457 537 053 -197 -614 -615 -630 -649 -820 -780 -593 -793 -768 -7.67 -855 -855 -10.62
Central London -13.49 -6.23 -6.25 -20.61 -17.66 -13.43 -8.14 -8.07 -810 -854 -10.60 -9.77 -12.22 -6.42 -5.65 -6.47 -6.24 -6.17 -7.27
South East 219 206 214 358 -058 -193 026 025 020 -0.14 -155 -153 -135 215 235 220 177 193 0.98
Oxon & South Coast -1.34 -108 -1.11 -0.03 -447 -563 -787 -79 -810 -822 -980 -9.63 -851 -6.24 -594 -573 -6.27 156 -0.74
Wessex -1.84 -134 -083 -029 -450 -477 -6.16 -638 -670 -6.69 -806 -9.40 -712 -3.77 -3.58 -445 -5.00 -465 -7.09
Peninsula -5.80 -5.06 -432 -409 -9.27 -6.55 -11.18 -11.64 -11.84 -11.94 -14.24 -14.22 -9.97 -577 -472 -6.62 -7.18 -6.83 -9.21

Source: NERA/Imperial
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Table D.2: Generation (Peak Security) TNUoS Charges (2012 £/kW/yr) — Improved ICRP

Appendix D

2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030
North Scotland 081 135 021 0.16 040 -0.84 -141 -229 -130 -438 -6.62 -931 -6.67 -17.44 -17.51 -17.63 -16.96 -16.21 -16.70
Peterhead 261 268 105 101 111 0.13 -0.57 -127 -0.28 -6.40 -7.84 -11.21 -8.46 -18.71 -19.36 -18.80 -18.89 -18.06 -18.47
Western Highland & Skye 032 020 0.12 007 029 -1.05 -1.60 -2.43 -143 -415 -6.14 -892 -6.32 -17.03 -17.13 -17.24 -16.57 -15.82 -16.30
Central Highlands 0.32 053 042 025 042 -112 -203 -2.83 -1.63 -3.11 -454 -7.18 -4.94 -15.81 -15.62 -15.95 -15.23 -14.33 -14.89
Argyll 0.70 156 097 059 09 -129 -244 -311 -196 -273 -3.70 -6.02 -2.94 -13.26 -13.50 -13.61 -12.91 -12.10 -12.57
Stirlingshire 147 188 083 049 069 -0.13 -1.01 -1.76 -0.74 -1.86 -2.89 -5.15 -2.36 -13.43 -13.50 -13.66 -12.90 -12.09 -12.63
South Scotland 106 173 179 108 0.8 -021 043 000 076 -0.03 -0.58 -2.66 0.11 -12.26 -12.13 -12.52 -11.73 -10.96 -11.44
Auchencrosh -1.09 -0.39 -041 -0.77 -035 -0.55 -2.69 -3.24 -2.34 -252 -3.30 -547 -2.68 -12.37 -12.06 -12.18 -11.45 -10.63 -11.10
Humber & Lancashire 1.76 240 239 118 134 -0.14 -0.08 -052 037 023 033 -1.31 140 -271 -259 -3.20 -3.09 -2.77 -3.43
North East England 156 222 292 170 178 -019 092 048 122 0.72 034 -135 164 -367 -3.64 -3.62 -3.29 -2.77 -3.27
Anglesey 262 423 362 359 314 336 110 071 147 112 108 -0.54 216 -188 -1.77 -139 -043 -030 -0.74
Dinorwig 262 423 362 358 313 336 110 071 147 112 108 -0.54 172 -244 -238 -2.03 -1.07 -093 -1.37
South Yorks & North Wales 125 138 129 08 0.74 -023 037 -002 044 058 08 -019 191 -207 -207 -195 -1.71 -1.26 -1.74
Midlands -0.38 -049 -0.51 -0.25 -0.52 -043 -0.84 -098 -0.78 -0.62 -0.58 -0.34 106 08 110 127 089 141 144
South Wales & Gloucester 407 379 384 347 475 392 425 277 346 306 346 331 482 38 327 337 311 3.07 211
Central London -3.83 -5.14 -543 -167 -495 -554 -592 -353 -738 -6.76 -3.10 -083 -7.69 062 130 0.50 122 113 0.07
South East -436 -6.27 -5.84 -477 -5.81 -407 -3.00 -1.18 -3.57 -3.04 -236 159 -460 275 276 285 271 268 412
Oxon & South Coast -1.70 -3.24 -3.09 -2.34 -281 -1.47 -126 -1.20 -1.59 -0.8 -0.41 -0.56 -3.04 045 027 041 0.04 -0.63 -0.95
Wessex -0.94 -250 -237 -031 -121 110 067 125 028 159 133 213 -094 336 330 338 320 223 204
Peninsula -0.75 -152 -141 078 0.16 452 404 434 331 353 375 416 157 511 573 580 564 436 4.08
Source: NERA/Imperial
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Table D.3: Generation (Year Round) TNUoS Charges (2012 £/kW/yr) — Improved ICRP
2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030

North Scotland 17.12 16.57 17.72 18.81 18.16 18.49 28.80 28.25 28.39 25.54 24.75 24.41 24.75 2794 24.49 24.05 23.57 22.70 21.93
Peterhead 13.58 12.84 15.23 16.38 16.32 16.63 27.44 26.79 26.90 23.31 22.29 22.19 2258 2548 22.24 21.61 20.40 20.37 19.61
Western Highland & Skye 18.79 17.65 21.43 22.85 22.77 23.18 34.13 33.70 33.90 32.11 31.46 31.12 31.29 34.72 31.20 30.74 30.24 29.38 28.56
Central Highlands 13.69 12.81 14.21 15.39 15.44 16.19 27.45 26.76 26.77 26.21 26.10 25.78 25.80 29.62 26.09 25.44 25.20 24.20 23.45
Argyll 10.33 944 9.61 10.51 10.65 13.37 24.74 23.85 23.89 2433 2478 25.02 26.15 31.30 27.25 26.74 26.19 25.18 24.24
Stirlingshire 933 896 9.78 10.63 10.67 10.99 22.03 21.39 21.48 2135 21.63 21.72 2216 26.23 22.66 22.16 21.72 20.84 20.02
South Scotland 88 859 847 8838 863 903 1799 1706 17.19 17.10 17.52 17.58 17.94 22.89 19.92 19.56 19.13 18.50 17.84
Auchencrosh 10.93 10.32 9.94 10.20 10.72 10.57 23.29 22.25 22.55 23.00 23.73 24.17 25.24 30.98 27.33 26.79 26.20 25.11 24.10
Humber & Lancashire 042 -0.27 -030 053 -0.14 0.57 -095 -0.64 -1.14 -1.09 -09 -1.18 -238 -0.53 -045 -0.18 035 122 181
North East England 280 276 319 425 314 369 518 524 485 465 473 464 322 593 533 527 540 548 5.72
Anglesey 0.9 -061 -036 -3.23 -1.84 -293 -7.05 -6.05 -650 -6.44 -6.70 -7.13 -856 -11.28 -9.75 -9.28 -8.76 -7.37 -6.44
Dinorwig 0.16 -1.35 -1.11 -3.23 -1.84 -293 -685 -6.05 -6.50 -6.45 -6.71 -7.14 -856 -11.28 -9.75 -9.28 -8.76 -7.37 -6.44
South Yorks & North Wales  -0.65 -1.26 -1.43 -1.54 -1.93 -196 -440 -3.99 -430 -351 -3.34 -310 -4.69 -4.47 -3.67 -3.51 -3.22 -272 -2.02
Midlands -1.14 -142 -162 -2.26 -2.66 -3.67 -5.64 -5.51 -5.66 -5.66 -5.37 -4.88 -4.95 -4.24 -347 -3.28 -295 -3.00 -2.86
South Wales & Gloucester  -5.48 -440 -5.28 -510 -6.74 -6.05 -879 -6.90 -880 -6.85 -7.28 -7.35 -826 -6.39 -522 -511 -513 -6.82 -5.44
Central London -1.70 -1.35 -854 -7.35 -594 -9.19 -12.43 -14.53 -12.91 -12.89 -11.33 -10.99 -894 -7.66 -7.53 -7.22 -7.65 -7.58 -6.42
South East 1.27 19 160 007 021 -1.55 -341 -539 -341 -317 -2.61 -225 0.21 -0.70 -0.26 -0.17 -0.41 -0.33 -1.66
Oxon & South Coast -4.67 -3.79 -4.43 -6.84 -6.58 -8.27 -10.46 -10.67 -10.46 -9.92 -9.51 -9.18 -7.08 -7.42 -7.25 -6.86 -7.24 -7.84 -7.38
Wessex -6.63 -4.86 -5.78 -7.69 -811 -8.02 -10.13 -10.37 -9.98 -9.33 -9.23 -872 -6.55 -7.07 -6.54 -6.46 -6.64 -7.50 -7.17
Peninsula -9.70 -7.24 -817 -9.25 -9.63 -899 -11.68 -11.72 -11.92 -11.44 -11.65 -10.86 -8.80 -9.46 -8.24 -814 -832 -895 -8.52

Source: NERA/Imperial

Table D.4: Generation (Residual) TNUoS Charge (2012 £/kW/yr) — Improved ICRP

2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030
Residual 454 568 605 747 29 277 3.04 281 291 247 244 255 229 298 282 268 258 251 239

Source: NERA/Imperial
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Table D.5: Demand TNUoS Charges (2012 £/kW/yr) — Status Quo

2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030

Northern Scotland 11.88 16.20 1542 17.45 2337 2477 1645 1520 14.48 1344 000 000 000 000 000 000 0.00 000 0.00
Southern Scotland 17.04 2156 2219 21.88 27.74 2792 1982 1979 19.79 1740 1110 10.010 974 730 705 567 379 803 6.23
Northern 20.83 2573 28.14 27.16 33.13 3422 3408 33.89 3420 32.88 3593 3493 3566 3506 3461 3421 33.09 3434 31.50
North West 23.88 29.06 30.63 30.40 36.34 37.57 4093 40.73 41.18 39.80 39.93 3898 39.62 41.78 41.14 3936 3755 37.62 35.69
Yorkshire 2445 2991 31.83 31.22 37.16 3866 4211 4191 4241 40.51 41.86 4090 41.41 4281 4215 40.99 39.58 39.83 37.68
N Wales & Mersey 2476  29.78 31.31 3135 3736 3851 4534 4511 4568 4437 4444 4352 4441 4712 46.28 4448 4265 41.61 40.03
East Midlands 26.57 3244 34.06 3425 40.29 4157 4588 45.68 4594 4456 45.60 44.67 4449 4361 4290 4156 40.83 40.89 38.78
Midlands 2841 33.44 3499 3527 4110 43.09 4813 4791 4847 47.10 47.81 46.86 46.94 47.03 46.28 4486 44.00 43.82 41.85
Eastern 27.09 3350 35.29 3531 41.19 4218 44.05 43.85 44.23 4290 4356 42.63 42.84 38.16 37.49 36.41 3591 3585 34.52
South Wales 2635 3133 3236 33.04 3932 4165 4705 46.79 4737 4592 46.67 4559 4420 4472 44.06 43.16 43.21 43.23 43.87
South East 29.36 36.70 38.41 37.43 43.03 43.85 44.17 44.14 4478 43.22 43.65 4292 4297 3692 36.29 3587 3551 3534 3521
London 3229 3931 41.08 4045 46.24 47.10 4390 43.82 4418 42.88 43.46 4265 4398 37.27 36.60 3576 3534 35.05 34.26
Southern 31.72 37.74 39.29 39.74 45.44 4632 49.57 4953 50.13 48.62 49.19 4847 47.75 4223 41.60 4132 41.03 40.84 40.99
South Western 32.16  38.07 39.09 39.69 46.23 45.08 5138 51.37 5202 5049 5145 5049 47.45 4259 4138 41.52 41.27 4117 41.85

Source: NERA/Imperial
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Table D.6: Demand TNUoS Charges (2012 £/kW/yr) — Improved ICRP
2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030

Northern Scotland 11.86 17.19 17.50 15.94 21.61 2229 13.83 15.27 14.75 18.97 20.08 22.51 19.62 24.49 27.65 27.40 26.47 27.00 26.75
Southern Scotland 1599 21.68 23.32 22.32 27.85 28.18 20.13 21.61 21.07 20.77 20.04 21.42 18.16 21.04 24.00 23.78 22.81 23.36 23.12
Northern 20.44 25.69 26.18 25.89 32.67 34.04 33.03 33.51 33.71 33.24 32.26 33.49 31.79 3240 32.54 31.84 30.56 30.46 29.22
North West 23.38 28.85 30.70 30.61 36.86 37.37 41.11 41.25 4140 40.53 39.22 40.59 39.35 42.31 41.53 40.26 38.26 37.38 35.82
Yorkshire 2421 29.78 31.02 30.56 37.27 38.22 41.57 41.68 42.19 40.53 38.81 39.89 38.78 40.90 40.02 39.10 37.60 37.21 35.61
N Wales & Mersey 24.09 29.38 31.26 32.54 37.66 38.36 4552 4532 4556 44.75 43.64 45.00 44.09 48.30 46.59 45.01 4291 41.72 39.82
East Midlands 26.75 32.60 34.32 34.22 40.41 41.20 45.15 45.19 4556 43.80 42.10 42.25 40.92 41.09 40.03 39.03 38.37 37.73 36.06
Midlands 27.77 33.15 34.94 3534 41.45 4222 47.08 47.01 47.44 4593 44.44 44773 43.24 43.58 42.34 41.25 40.56 40.38 38.64
Eastern 27.76 34.09 3574 35.70 42.13 42.69 46.03 46.16 46.89 44.87 42.79 40.61 41.57 36.33 35.23 34.23 33.78 33.66 32.01
South Wales 25.53 30.40 32.67 33.00 39.24 39.08 43.20 43.12 44.51 41.89 40.39 39.84 39.69 35.82 34.98 33.97 33.68 36.22 34.53
South East 31.25 37.41 39.53 39.52 46.24 45.89 48.29 49.25 50.15 47.51 44.77 40.78 43.68 35.37 34.82 33.88 33.52 34.46 32.82
London 33.57 41.12 41.86 41.78 48.20 48.80 51.46 51.60 52.39 50.47 48.15 41.82 46.88 35.63 34.52 33.51 33.15 33.42 31.76
Southern 32.15 37.92 40.10 40.18 46.75 46.24 50.32 50.22 51.21 4855 47.03 45.44 46.19 40.51 39.73 38.75 38.39 39.86 38.20
South Western 32.55 36.73 39.06 38.65 45.24 42.01 46.96 46.82 48.39 46.24 44.83 43.20 43.12 38.24 36.51 35.53 35.14 37.49 35.82

Source: NERA/Imperial
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